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Abstract 
Well testing analysis is a valuable tool that has evolved to become a tool that 
can be used to estimate formation permeability, skin, wellbore storage and 
reservoir pressure.  The aim of the study presented in this thesis is to propose 
a set of techniques that utilise well test pressure buildup data to better 
characterise and manage gas-condensate (GC) reservoirs.  The thesis starts by 
investigating the ability to calculate the pressure versus radius profile from the 
pressure versus time well test data under various condensate richness conditions 
using the probe radius concept proposed previously for single-phase oil 
conditions.  First, the technique is validated in single-phase oil and single-phase 
gas systems before applying it to a more complex two-phase GC system.  The 
results show how the pressure profile can be used to estimate the radial extent 
of the condensate bank.  Then, the study proposes a method to analytically 
calculate the relative permeabilities (𝑘") affected by pressure and velocity due 
to coupling and inertia in single-rate and multi-rate tests using Darcy’s law and 
the aforementioned pressure profile.  The results highlight the importance of 
velocity effects in the calculated 𝑘" data and show that ignoring such effects 
could drastically distort the estimation of reservoir parameters.  The validity 
of these calculations is verified by comparing the results with the output from 
a numerical simulator based on a single-layer single-well radial reservoir model.  
Moreover, the importance of data treatment, such as smoothing, in order to 
obtain a reasonable and usable results is discussed.  The study then explores 
other applications of the analytically obtained velocity-dependent 𝑘" data, more 
specifically for production data analysis based on the type-curve technique.  In 
addition, the thesis suggests a new method to estimate the formation 
permeability of GC reservoirs by combining both methods, the 𝑘" calculation 
from well test data with the two-phase analysis of the production data, through 
an iterative process.  The iterative method produced excellent permeability 
estimation within 5% margin of error.  This can be beneficial in the case where 
reservoir permeability is unknown.
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1.1 Purpose of this Chapter 
The purpose of this chapter is to communicate concisely the objectives of this 
study and describe the layout and the content of each chapter.  In addition, a 
brief highlight will be given on why gas-condensate reservoirs are important 
and hence need improved tools to better understand and manage their fluid-
flow interaction and flow behaviour, followed by a brief overview on available 
methods to obtain relative permeabilities. 
1.2 Why Gas-Condensate Reservoirs are Valuable 
Demand for energy is continually increasing (Figure 1.1), the International 
Energy Agency reports that global energy demand grew by 2.1% in 2017, more 
than twice the growth rate in 2016, even though the price for oil was increasing.  
Fossil fuels met over 70% of the growth in energy demand, and natural gas 
demand increased the most, reaching a record share of 22% in total energy 
demands (International Energy Agency 2018). 
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Figure 1.1—Average annual growth in energy demand by fuel. ã OECD/IEA 
2018 
Discoveries of new conventional oil fields are becoming scarce and have been 
reduced massively due to recent oil price volatility.  The International Energy 
Agency (2017) reports that oil fields discoveries have fallen to 2.4 billion barrels, 
a record low in 2016, compared to an average of 9 billion barrels per year over 
the past 15 years (Figure 1.2).  Stable gas production and less volatile prices 
coupled with high demand make natural gas production an attractive prospect. 
 
Figure 1.2—Conventional crude oil resources discovered. ã IEA 
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Gas-condensate reservoirs are gas fields with high condensate gas ratio (CGR).  
Condensate is a very light oil when examined using the crude oil API gravity 
scale (light oils have an API gravity of 31.1º or above), thus making it 
extremely valuable.  It does not require as much refining as crude oil, which 
makes it an attractive hydrocarbon.  However, such reservoirs are complex in 
terms of their behaviour as two-phase flow can develop around the wellbore 
(more details can be found in Chapter 2), but they can be attractive to develop 
and produce especially if the complexities are dealt with and adequately 
analysed and evaluated. 
1.3 Available Models for the Calculation of Relative 
Permeability  
Relative permeability data are of significant importance when it comes to two-
phase flow.  Two-phase analysis techniques for gas-condensate reservoirs require 
the calculation of pseudo-variables, which require relative permeability data to 
be available and to be a function of pressure. 
Several methods are available to obtain relative permeabilities for gas-
condensate system, such as direct measurements from core-flooding 
experiments–which are expensive and complex to conduct.  On the other hand, 
several mathematical models have been developed to approximate relative 
permeabilities due to the difficulty of conducting experimental measurements 
(Li and Horne 2006).  Many works have proposed mathematical models for the 
calculation of relative permeabilities from capillary pressure data (Purcell, 1949; 
Burdine, 1953; Corey, 1954; Corey and Brooks, 1966)—more on this in section 
2.2.2. 
Li and Horne (2006) have shown a comparison between relative permeabilities 
obtained experimentally and those calculated using the correlation models of 
Purcell (1949), Corey (1954) and Corey and Brooks (1966).  Their results 
indicate that the Purcell model is the best fit to the experimental data of the 
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wetting-phase relative permeability, but not a good fit for the nonwetting-
phase.  In addition, they found that using Corey’s model gave very similar 
results to Corey and Brooks model, but both cases were different from the 
measured data. 
Using of such models can approximate relative permeability as a function of 
saturation.  They require capillary pressure values to be available, but most 
importantly, the calculated data would lack any additional relative 
permeability effects observed in gas-condensate reservoirs due to low interfacial 
tension and high velocity (as will be discussed in sections 2.2.4 and 3.5).  
Furthermore, relative permeabilities as a function of saturation would need to 
be correlated to pressure using steady-state assumption (as will be discussed in 
section 2.2.5), in order to compute two-phase pseudo-variables, that are needed 
for the two-phase analysis techniques. 
In this thesis, one of the main goals is to fill this gap by analytically calculating 
relative permeabilities data from well test data. 
1.4 Aim of the Research 
The study in this thesis aims to provide a sound theoretical framework using a 
handful of techniques for better gas-condensate characterisation and analysis—
more specifically in the areas of well test and production data analysis.  It takes 
into consideration the near wellbore rate effects unique to gas-condensate 
reservoirs.  These are the dependency of gas-condensate relative permeability 
on velocity and pressure, which are explained in more detail in sections 2.2.4 
and 3.5. 
In order to achieve the above objective, an investigation was first carried out 
on the capabilities of calculating pressure versus radius profile from well test 
transient pressure versus time data in gas-condensate reservoirs.  The well test 
transient pressure data were generated using numerical simulation, which 
allowed the investigation of the individual or combined impact of relevant 
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parameters to verify the reliability of the approach.  The main technique 
considered is based on the probe radius concept first developed for single-phase 
systems.  Initially, it was established that the probe radius concept could 
determine the flowing reservoir pressure within the reservoir at the end of the 
drawdown period before the shut-in using the buildup data, for single-phase oil 
and single-phase gas systems.  Once the results were verified, the concept was 
extended to two-phase gas-condensate systems, where both oil and gas coexisted 
and were flowing.  The pressure versus radius profile can then be utilised to 
determine condensate bank extent, and more importantly, to analytically 
calculate relative permeability data.  That is, one of the main milestones in this 
thesis was to evaluate the application of using the pressure versus distance 
derivative to determine dynamic (inclusive of velocity effects) relative 
permeability data in the vicinity of the well within the reservoir. 
Having velocity-dependent relative permeability data will help in both 
improving well test and production data analysis employing the two-phase 
pseudo-pressure approach as well as using such valuable data for other reservoir 
description and management purposes.  The reliability of the proposed 
technique was also examined for multi-rate testing which has shorter test times 
and variable flow rates compared to single-rate testing.  The other important 
application examined in the thesis is the use of analytically calculated relative 
permeability for improved production analysis using an equivalent-phase 
approach where two-phase pseudo-variables were used.  Furthermore, a method 
to estimate formation permeability, when absolute permeability is unknown, 
using both well test and production data via an iterative procedure is proposed. 
In these exercises, the emphasis is on the effects of coupling and inertia and 
how to account for them, which will improve the design and interpretation of 
reservoir data in gas-condensate reservoirs. 
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1.5 Thesis Layout 
The thesis starts with an introduction to well testing and gas-condensate 
reservoirs followed by details of reservoir, rock and fluid models used in the 
study.  Then the method of calculating pressure versus radius profile from well 
test data is described followed by the application of calculating velocity-
dependent relative permeability data analytically from the gradient of the 
obtained pressure versus radius profile.  Later, the results of various single-rate 
and multi-rate testing are presented followed by the application of using the 
relative permeability data in two-phase production data analysis. 
Chapter 1—Introduction 
This chapter is the introduction to the thesis, giving the reader an overview of 
what will be discussed and the purpose of each chapter. 
Chapter 2—Literature Review 
In this chapter, there is a brief discussion on the importance of pressure versus 
time transient data obtained during well test operations in reservoir 
characterisation with an emphasis on buildup data being more reliable.  This is 
followed by an introduction to gas condensate reservoirs, their fluid and flow 
behaviours and particularly the dependency of their relative permeability on 
pressure and velocity due to coupling (an increase in relative permeability when 
IFT decreases or velocity increases) and inertia (a decrease in relative 
permeability when velocity increases).  In addition, the last section will discuss 
the application of well testing in gas-condensate reservoirs, and existing 
published research in terms of single-phase versus two-phase solutions. 
Chapter 3—Data Summary and Simulation Models 
In this chapter, the basics of the reservoir models built, using the ECLIPSE 
300 commercial numerical simulator, for this study is explained.  In addition, 
details of the rock data and fluids composition are also discussed including the 
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use of the velocity-dependent model in the ECLIPSE simulator.  This chapter 
is to be used as a reference for subsequent chapters. 
Chapter 4—Pressure Versus Distance Profile for Well Testing 
Buildup Data 
In this chapter, the focus is on the calculation of the pressure versus radius 
profile from well test buildup data.  The underlying concept used for this 
method and the calculation procedure are explained.  It also highlights the 
benefits of the calculated pressure profile and explores the application of the 
pressure profile for single-phase and two-phase systems. 
Chapter 5—Velocity-Dependent Two-Phase Relative 
Permeability from Well Test Data 
In this chapter, an analytical method for calculating velocity-dependent relative 
permeability using well test data is described.  The calculation relies on gradient 
of the pressure versus radius profile described in Chapter 4.  Due to nature of 
gradient calculation, a discussion on the resultant numerical dispersion 
observed in the data and how to reduce the noise in the data is thoroughly 
investigated.  Then smoothing solutions are discussed and recommended to be 
applied to the procedure resulting in practically acceptable noise-free relative 
permeability data.  Finally, in this chapter, the process of calculating the 
relative permeability data is linked to the results of Chapter 4. 
Chapter 6—Pressure Profile and Relative Permeability in Multi-
Rate Testing 
This chapter first briefly discusses the importance of multi-rate testing for gas-
condensate reservoirs.  Then the reliability of the methods explained in 
Chapters 4 and 5 are examined for multi-rate testing data.  It also showcases 
how the proposed methods work for special cases with varying flow rates and 
shorter test duration. 
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Chapter 7—Two-Phase Production Data Analysis Using 
Velocity-Dependent Relative Permeability 
In this chapter, one of the main applications of the results of the proposed well 
test data analysis technique is discussed.  That is, how the pressure transient 
data can provide data that can be applied for improved production data 
analysis.  More specifically the method of analysing the production data using 
a two-phase approach with analytically calculated velocity-dependent relative 
permeability data is described, and example cases are discussed showing good 
results.  In addition, a new iterative process is suggested using both two-phase 
well test and production data to obtain permeability. 
Chapter 8—Conclusions and Future Work 
A summary of the conclusions of this work is given, in this chapter with a 




 Literature Review 
In the first section of this chapter, a brief introduction to well testing, the role 
it plays in reservoir characterisation, and one of its main concepts used in this 
study, is given.  In the next section, an introduction on gas-condensate 
reservoirs is discussed with an overview on the two-phase fluid behaviour and 
what the published research has suggested to tackle the condensate banking 
problem, which occurs when pressure drops below dew point and the valuable 
condensate with its low mobility hinders gas flow.  In addition, the vital role of 
relative permeability in gas-condensate reservoirs is discussed including the 
impact of coupling and inertia that affects the behaviour of relative 
permeability and the available models to predict relative permeabilities.  
Furthermore, the chapter concludes with the applications of well test analysis 
in gas-condensate reservoirs. 
2.1 Introduction to Well Testing 
The objective of well test analysis is to describe an unknown system (well and 
reservoir) through indirect measurements (pressure and flow rate), which makes 
it an inverse problem, that usually does not have a unique solution (Gringarten 
et al. 1979).  In other words, a solution model for the well test data could 
describe multiple formation characteristics.  The non-uniqueness of the inverse 
problem can be reduced by integrating other sources of information, such as 
production or formation logs, static geological model, or even other tests in the 
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same reservoir.  This integration approach is crucial in improved understanding 
of the well test data. 
2.1.1 Importance of Well Testing in Reservoir Characterisation 
Well testing analysis is a valuable tool that has advanced significantly since its 
first inception, becoming more powerful and faster to perform.  It began just as 
a tool to determine well quality by estimating producing rates at different 
producing pressures; then it evolved to become a tool that can be used to obtain 
formation permeability, skin, wellbore storage and reservoir pressure (Ramey 
1992); all these data help to better understand and characterise the reservoir.  
The reservoir parameters and well performance data obtained from the 
interpretation of well test data can help to manage the field properly (Stewart 
& Jamiolahmady 2016). 
Interacting with a subsurface asset is challenging, especially concerning data 
acquisition.  Raw data collection is limited; wells are the main gateway to get 
an insight of the reservoir, however, many of the data collected through wells 
are local measured-points that lack a bigger picture and dynamic characteristics 
(Bourdet 2002).  That is where well test analysis comes into play; with the 
ability to see more of the reservoir from observing pressure and rate over time 
to the ability to estimate reservoir parameters, and characterising anomalies 
(such as faults, channels, water-fronts, and fractures).  Well testing analysis 
provides more depth and dynamic view of the reservoir compared to other 
available engineering tools. 
The advantage of well testing is that it captures data transient through the 
reservoir, beyond just the immediate vicinity around the wells, shedding light 
on reservoir and fluids characteristics away from the wellbore.  Well testing 
techniques have become a requirement in both the exploration and development 
phases of field appraisals (Stewart 2011). 
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2.1.2 Reliability of Pressure Buildup Tests 
Generally, well tests consist of a period of production at a constant flow rate—
drawdown, where the pressure at the well is decreasing followed by a period of 
shut-in—buildup, where the pressure at the well starts to increase (Figure 
2.1). 
 
Figure 2.1—A schematic example of pressure drawdown followed by buildup tests 
showing (a) the flow rate, 𝑞, applied to the well and (b) the pressure response, 𝑝, 
measured at the well as a function of time (Corbett et al. 2012).   
Well test analysis concepts were first developed for drawdown tests, as they are 
the first response from the well.  Pressure response of the system is then 
recorded and analysed.  However, the challenge in analysing drawdown data is 
in keeping the production rate constant.  Without a constant flow rate, the 
(a) 
(b) 
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analysis result becomes erroneous.  As it is difficult to produce at a constant 
flow rate without any fluctuation and interruption for the test duration, the 
buildup response is usually used and is considered to be more reliable, as the 
flow rate is known to be zero when the well is shut-in.  However, the principle 
of superposition is then required to develop the solution for a buildup test, 
which consists of a rate change, i.e. a shut-in after a flow period (Horner, 1951; 
Matthews, 1961).  Although the disadvantage of buildup tests is the production 
loss, due to the well being shut for a period of time; however, this can be 
managed strategically (e.g. when other wells are maintaining the production 
quota or taking advantage of periods of time where shut-in is needed for well 
or facility maintenances).  For these reasons, in this study, the well test data 
utilised are buildup tests. 
2.2 Introduction to Gas-Condensate Reservoirs 
2.2.1 Gas Condensate Behaviour 
The state of a reservoir (gas or liquid, or both) can be identified based on its 
initial pressure and temperature on a pressure-temperature phase envelope plot 
(Coskuner 1999), as in Figure 2.2.  Bubble point curve, dew point curve and 
critical point make a bounding area where two-phase (liquid and gas) exist in 
equilibrium.  Outside of the two-phase envelope, a single-phase condition exists.  
The lines inside the bounded area indicate the liquid volume as a percentage of 
the total fluid. 
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Figure 2.2—PT plot showing the single-phase regions and the two-phase envelope 
where point (A) represent single-phase gas reservoir dropping in pressure to A1 
and remain single-phase. Point (B) represent gas-condensate reservoirs initially in 
single-phase conditions, once it drops below dew point (B1) the fluid will become 
two-phase (B2, B3). The third is the undersaturated reservoirs at point (C), once 
the pressure drops below the bubble point, gas starts to appear (C1). (Terry & 
Rogers 2014). 
A gas-condensate reservoir is initially a single-phase gas reservoir at high-
pressure point (pressure above dew point).  It is mainly composed of methane, 
C1, and other short-chained hydrocarbons, but it also contains long-chain 
hydrocarbons called intermediate/heavy-ends (Fan et al. 2005).  When pressure 
and temperature conditions change, the reservoir’s fluid will become two 
phases, gas and condensate (also called retrograde condensation).  As reservoir 
temperature usually does not change much, pressure can change drastically 
based on wells production.  Once the bottomhole pressure of a producing well 
A 
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drops below the dew point pressure (𝑝K), the condensate starts to form around 
the wellbore with an increase in the condensate up to a maximum level as 
pressure continues to drop, after which the condensation will start to re-
evaporate as pressure continues to drop.  The loss of heavy-end components 
around the wellbore is referred to as condensate banking.  It is unlikely to 
disappear even after shutting-in the well, and it can adversely affect the 
productivity of the well (Figure 2.3), by restricting the flow of gas. The 
condensate liquid is also very valuable which is not desirable to be lost in the 
reservoir due to condensate banking.  Productivity reduction have been 
reported in the literature to be a factor of 2 to 4 (Fussell 1973; Afidick et al. 
1994; Barnum et al. 1995; Wheaton & Zhang 2000; Smits et al. 2001; Kumar 
et al. 2006).  Some studies indicate that most productivity reduction occurs in 
wells with a flow capacity (𝑘ℎ) of less than 1000 mD.ft (Barnum et al. 1995). 
Initially, the condensate that is dropping out of gas, away from the wellbore, is 
immobile, due to its saturation being below critical saturation (𝑆&)–the 
saturation point after which the phase starts to flow.  Such condensate has a 
negligible effect on gas mobility.  Closer to the wellbore, however, when the 
saturation of the condensate reaches a critical value, which allows the 
condensate to flow, the condensate is mobile, and it has a significant effect on 
gas mobility, lowering its relative gas permeability (Thomas et al. 2009)–more 
on this in section 2.2.2.  However, (Danesh et al. 1988; Danesh et al. 1991) has 
shown that 𝑆& is close to zero in gas-condensate reservoirs (more on that in 
section 2.2.3).  In that region, near the wellbore, the pseudo steady-state regime 
may be assumed to be describing the near-wellbore flow (Danesh 1998). 
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Figure 2.3—A schematic example of a reduction of productivity index (PI) in gas-
condensate reservoirs (Rahimzadeh et al. 2016). 
The amount of the condensate that develops around the well depends not only 
on how far the reservoir condition is below the dew point but also on fluid 
composition.  A richer fluid composition has more of the heavy components 
that ends up forming a bigger condensate bank than leaner fluid composition 
which have fewer heavy components and hence does not become as challenging 
as richer fluids (Figure 2.4 shows a maximum liquid drop-out of about 25% 
for the rich fluid, and about 2% for the lean fluid).  Productivity in gas-
condensate reservoirs declines even in moderately rich reservoirs due to the 
effect of condensate buildup around the wellbore (Mokhtari et al. 2013).  In 
addition, research have shown that lean gas condensate can significantly reduce 
productivity over time, as shown in Arun field (Afidick et al. 1994) and in other 
published work, where a lean gas condensate with maximum liquid dropout of 
only 2% can still hinder production by 5% (Huerta Quinones et al. 2012).  In 
contrast, dry gas has no heavy components to generate the liquid drop-out. 
Chapter 2: Literature Review 
 16 
 
Figure 2.4—Amount of potential liquid dropout in lean versus rich gas condensate 
(Fan et al. 2005). 
Gas-condensate reservoirs are complex in terms of data analysis due to two-
phase physics, and in terms of operation and reservoir management due to 
condensate development around the wellbore, causing restriction to gas flow 
(Fan et al. 2005).  The combination of two-phase flow and their unique relative 
permeability characteristics around the wellbore, as described in the next 
section, present a difficulty for reservoir data analysis, such as well test or 
production analysis. 
In conclusion, condensate blockage or banking, can cause severe productivity 
loss, could kill the well, and pose a complex challenge for the data analyst.  
Gas-condensate reservoirs are costly and risky to develop; hence the need for 
better characterisation tools. 
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2.2.2 Relative Permeability in Gas-Condensate Reservoirs 
The flow behaviour of both gas and condensate is governed by relative 
permeability curves which traditionally varies for different rocks.  The presence 
of condensate causes the gas relative permeability (𝑘"3) to decrease sharply.  It 
is however not made up by the oil relative permeability (𝑘"4), which remains 
low.  Additionally, these relative permeability data are shown to be affected by 
the production rate and pressure.  Hence, predicting production from gas-
condensate reservoirs need accurate relative permeability data, primarily when 
the condensate bank is formed. 
Availability of representative relative permeability data for gas-condensate 
reservoirs can be challenging, due to their dependency on velocity and pressure.  
Several analytical models have been developed to predict relative permeability 
as a function of saturation (Purcell 1949; Burdine 1953; Corey 1954; Corey & 
Brooks 1966).  The models developed by Corey (1954) and Corey and Brooks 
(1966) are an extension of the work of Burdine (1953).  In the method by Corey 
and Brooks (1966), they adjusted Corey's (1954) method by modifying the 
representation of capillary pressure function to a more general form: 
𝑃& = 𝑝9(𝑆L∗ )N0 ⋋⁄           (2.1) 
where 𝑝9 is the entry capillary pressure, ⋋ is the pore size distribution index 
and 𝑆L∗  the normalised wetting-phase saturation. 
They derived the wetting and nonwetting-phase relative permeabilities as 
following: 
𝑘"L = (𝑆L∗ )
PQR⋋
⋋            (2.2) 
𝑘"=L = (1 − 𝑆L∗ )U V1 − (𝑆L∗ )
PQ⋋
⋋ W        (2.3) 
Such methods are limited in their application.  For gas-condensate conditions 
that are examined in this thesis, such as low IFT and high velocity, it is needed 
that additional effect are accounted for in the relative permeability calculation.  
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The model by Corey and Brooks (1966) above would only approximate relative 
permeabilities to base curves, without honouring any effects related to velocity 
and pressure.  Furthermore, the obtained relative permeabilities using the 
above models would give relative permeability as a function of saturation, and 
not pressure–which is needed for pseudo-variables calculation. 
2.2.3 Gas Condensate Fluid Regions 
In theory, gas-condensate reservoirs can be divided into three fluid regions 
(Fevang & Whitson 1996), although in some situations not all three regions are 
observed (Figure 2.5). 
 
Figure 2.5—Possible three fluid regions for a gas-condensate reservoir (Fan et al. 
(2005). (3) where reservoir pressure is above dewpoint; (2) where pressure 
dropped below dewpoint, but condensation has not reached 𝑆&; (1) is where 
condensate has reached 𝑆&, and both gas and condensate are assumed to be 
flowing. 
When the bottom-hole pressure goes below the dewpoint pressure of the fluid, 
region-1 and region-2 can exist.  Whereas, region-3 exists only when the 
reservoir pressure is above the dewpoint, which means that the phase at region-
3 is single-phase gas. 
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In region-1, both gas and condensate are flowing, and the condensate saturation 
is higher than the critical condensate saturation.  This region ranges in size 
from tens of feet for lean condensates to hundreds of feet for rich condensate; 
the size of this region depends on the amount of produced gas and the 
percentage of liquid dropout.  It surrounds the wellbore and could extend 
further from the well for reservoirs with high permeability.  Condensate bank 
blockage can be significant even for leaner gas-condensate fluids; as capillary 
forces can retain a condensate that accumulates with time. 
In region-2, both gas and condensate exist, but condensate is assumed to be 
immobile, due to its saturation being below the critical condensate saturation 
(𝑆&).  The condensate saturation increases, and the gas phase becomes leaner 
as gas flows towards the wellbore.  However, the Heriot-Watt Gas-Condensate 
Recovery (HW-GCR) research team has shown that critical saturation in gas-
condensate reservoirs is much lower than for conventional gas-oil systems due 
to efficient condensate film flow in these low IFT systems (Danesh et al. 1988; 
Danesh et al. 1991).  Thus, this region is not considered significant in this 
thesis, when considering the proposed analytical approach which will be 
discussed in detail later in Chapters 4 and 5, and two phases are assumed to 
be flowing.  It should be noted that the low mobility of condensate has been 
shown in many fields to result in accumulation of condensate with time due to 
gravity which cannot be described by a zero mobility when high 𝑆& is 
considered. 
In region-3, the pressure is above dewpoint and only single-phase gas exist.  
This region is the furthest away from the wellbore, and it includes most of the 
reservoir.  However, as the well keeps producing, and pressure dropping below 
the dewpoint keeps propagating further, it shrinks, and eventually the whole 
reservoir could become two-phase when the reservoir pressure is below dewpoint 
everywhere. 
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2.2.4 Velocity Effects 
Additional relative permeability effects are occurring around the wellbore due 
to viscous, capillary and inertial forces.  It is well known that at high velocities, 
a reduction in gas relative permeability occur due to inertial flow (Forchheimer 
1914).  The effect of interfacial tension (IFT) on relative permeability data at 
low IFT values has been shown to improve the gas relative permeability 
(Bardon & Longeron 1980).  HWU-GCR team was the first to report the 
positive effect of velocity on gas relative permeability at high rates (Figure 
2.6), calling it “positive velocity dependency” or “positive coupling” (Danesh 
et al. 1994) which was later proved by many researches (Chen et al. 1995; 
Henderson et al. 1997; Ali et al. 1997; Henderson et al. 1998; Blom et al. 2000; 
Henderson et al. 2001).  The main reason for this unique behaviour was 
explained by Jamiolahmady et al. (2000) and Jamiolahmady et al. (2003) 
following a mechanistic modelling approach at the pore level for a single and 
network of pores.  The dominant effect of coupling has also been demonstrated 
in numerical simulations of flow around horizontal wells where geometry can 
influence the flow towards the wellbore (Ghahri et al. 2010; Ghahri et al. 2011) 
and in perforated regions (Jamiolahmady et al. 2007). 
 
Figure 2.6—Variation of gas relative permeability with velocity and IFT–positive 
coupling effect (Institute of Petroleum Engineering 2018) 
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That is, the low IFT of the gas-condensate system combined with medium to 
high velocity (where viscous forces are dominant) dictates a flow regime that is 
different from conventional gas-oil systems.  It produces a gas relative 
permeability that is higher than the value at lower velocities (positive coupling), 
and at even higher velocities, the inertial effect, caused by the fluid acceleration 
and deceleration as it is flowing through pore throats and pore bodies 
(Jamiolahmady et al. 2010) results in a lower gas relative permeability.  
Henderson et al. (2000) have shown the competition between positive coupling 
and negative inertia at different condensate saturations and velocities (Figure 
2.7). 
 
Figure 2.7—Variation of gas relative permeability with velocity, inertial and 
coupling effects at low IFT (Henderson et al. 2000). 
The dependency of gas-condensate relative permeability on velocity and 
pressure due to coupling and inertia adds further complexity to any 
interpretation of pressure or flow rate data (Henderson et al. 1997; 
Jamiolahmady et al. 2000).  In general, positive coupling effect is more 
pronounced at low to moderate velocities, especially at higher condensate 
Inertia 
Coupling 
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saturation, and the negative inertial effect is more dominant at moderate to 
high velocities, especially at lower condensate saturation.  However, the positive 
coupling has been shown to be in strong competition with the negative inertia 
at very high velocities (Henderson et al. 2001), and the combination of the two 
high velocity effects is usually positive, reducing the impact of condensate bank.  
Typically, laboratory core-flood experiments are needed to measure core 
exponents for the inertial and capillary number effects on relative permeability.  
Several studies have tried to come up with a correlation based on rock samples 
(Henderson et al. 2000; Bang et al. 2006; Jamiolahmady et al. 2009); however, 
velocity effects in gas condensate systems is a complex function of core type, 
fluid properties and flow rate.  There is no straightforward formula for 
identifying the flow regime or estimation of the dominance of inertia or coupling 
effect. 
Published work has proved that accounting for such velocity effects in field 
simulations are appropriate and results in a good correlation with historical 
data (Carvajal et al. 2007).  Li et al. (2009) has shown, in a carbonate gas-
condensate reservoir in China, that if positive coupling effect is ignored in 
analysing gas condensate data the well deliverability decreases to 50% of its 
initial value considering the producing operation.  Whereas when they 
accounted for the positive coupling, the well deliverability is significantly 
improved.  However, to obtain relative permeability data, which are affected 
by coupling and inertia, demanding experiments are needed to be conducted on 
core samples in the lab that are both time-consuming and expensive (Mott et 
al. 2000; Jamiolahmady et al. 2009). 
Considering that it is more realistic for a gas-condensate analysis to consider 
inertia and coupling, in this thesis, the work will rely on dynamic pressure data 
from well test, which inherently capture these velocity effects. Additionally, 
and more importantly, a method is proposed to analytically approximate the 
relative permeability data which accounts for both inertia and coupling, as will 
be shown in Chapter 5. 
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2.2.5 Well Testing Analysis in Gas-Condensate Reservoirs 
Although productivity decline is one of the first indicators of condensate 
banking around the well, well testing analysis is often used as a tool to 
determine its presence (Fan et al. 2005).  Liquid distribution around the well 
can be determined by analysing pressure buildup data.  Briones et al. (2002) 
have shown that well test analysis is one of the most practical and reliable tools 
to detect the existence of the condensate bank.  By analysing more than 30 well 
test data from the Santa Barbara field, the biggest Venezuelan gas-condensate 
field, it was shown that using well testing in analysing gas-condensate reservoirs 
helped in workover decisions, such as enhancing well production by hydraulic 
fracturing. 
Transient pressure data in gas-condensate reservoirs are typically analysed 
using conventional single-phase flow theory.  The single-phase approach relies 
on linearised radial flow equation for a real gas.  Al-Hussainy et al. (1966) 




𝑑𝑝(^(_          (2.4) 
where the viscosity, 𝜇, and compressibility factor, 𝑧, must be known in order to 
be able to evaluate the integral for a specific value of pressure, 𝑝.  That is, the 
gas properties should be available as a function of pressure.  
In this technique, the use of single-phase pseudo-pressure gives a derivative 
shape similar to a radial composite system highlighting the contrast in the gas 
mobility caused by the presence of the condensate (Figure 2.8).  When using 
the single-phase pseudo-pressure, the assumption of zero-condensate mobility 
may not be appropriate. 
In the single-phase approach, condensate banking is shown by a lower flow-
capacity (𝑘ℎ) or mobility in the pressure derivative plot, compared to the single-
phase gas region further away from the wellbore.  This results in two plateaus 
in the pressure derivative plot (Figure 2.8).  The permeability of each region 
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can be determined from the pressure derivative on a log-log plot of pseudo-
pressure and shut-in time.  When the test is long enough, and permeability of 
the single-phase region is determined, that permeability represents the reservoir 
absolute permeability.  If only region-1 of the pressure derivative plateau is 
evident, it will not be possible to calculate the flow capacity of the reservoir 
and longer test time is required to see the outer single-phase region; this 
difficulty is more pronounced if other issues such as wellbore storage masks 
parts of the reservoir response. 
 
Figure 2.8—Pressure derivative of well test data for a gas-condensate reservoir 
showing condensate region at the early time followed by a single-phase gas region. 
Due to the presence of condensate phase, the use of two-phase pseudo-pressure 
has been suggested to remove the condensate bank effect, but its application 
has not gained popularity because its calculation requires relative permeability 
data, which are usually not available.  The treatment of two-phase steady-state 
radial flow was first considered by Muskat (1938) who introduced the concept 
of two-phase pseudo-pressure.  The concept was later considered by Fussell 
(1973) and Jones and Raghavan (1988) who later proposed the following two-
phase pseudo-pressure to the pressure transient analysis of a buildup test in 
gas-condensate reservoir (Jones et al. 1989): 
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Here, both gas and condensate mobilities are included in the function of pseudo-
pressure. 
When two-phase pseudo-pressure is used, a single plateau for both regions 
should be obtained in the log-log pressure derivative diagnostic plot (Figure 
2.9).  This plateau is corrected for the condensate bank effect, thereby 
obtaining permeability in the condensate bank region that is much closer to the 
actual single-phase absolute permeability.  Using two-phase pseudo-pressure is 
important when the test period is not long enough to capture the single-phase 
gas outer region, region-2, or when the formation is tight in which a very long 
time for region-2 plateau is required.  Two-phase pseudo-pressure gives more 
accurate reservoir properties than the single-phase pseudo-pressure method.  
Many in the literature have reported the benefit of the two-phase pseudo-
pressure by evaluating the approach numerically with simulation data using 
base relative permeability curves (Saleh & Stewart 1992; Hernandez-G. et al. 
1993; Raghavan & Jones 1996; Raghavan et al. 1999; Gringarten et al. 2006; 
Al Ismail & Horne 2010). 
 
Figure 2.9—Pressure derivative of well test data for a gas-condensate reservoir 
showing the effect of using (a) two-phase pseudo-pressure (in pink colour for 
(a) 
(b) 
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pseudo-pressure derivative and brown for ∆𝑝() instead of (b) single-phase pseudo-
pressure (in blue colour for pseudo-pressure derivative and red for ∆𝑝(). 
However, calculation of the two-phase pseudo-pressure is only viable if there 
are representative relative permeability data, which are usually not available.  
In practice, even though two-phase pseudo-pressure is shown to be useful, due 
to the lack of relative permeability data, it is more common to use a composite 
model with single-phase pseudo-pressure (Thompson et al. 1993; Hernandez-G. 
et al. 1993; Marhaendrajana et al. 1999).  The two-phase pseudo-pressure is 
generally evaluated based on the steady-state assumption (O’Dell & Miller 
1967) where the reservoir model is composed of a far region, 𝑃 > 𝑃K9L, and a 
near wellbore region, 𝑃 < 𝑃K9L, and both fluids flowing.  An approach which is 
also followed by other investigators (Fussell 1973; Chopra & Carter 1986; Jones 
& Raghavan 1988).  However, relative permeability data is still required, and 
if it is available, it is a function of saturation only.  Therefore, a relationship 
between reservoir pressure and saturation is needed to calculate the two-phase 
pseudo-pressure.  A number of methods have been proposed in the literature 
for predicting pressure-saturation relationship (Fetkovich et al. 1986; Becker et 
al. 2016).  Another method proposed by Johnson & Jamiolahmady (in press) 
where the gas to total (gas plus condensate) flow rate (GTR)–a concept 
introduced by Jamiolahmady et al. (2007), and component weight fractions are 
related to pressure and producing pressure-saturation found to give comparable 
predictions to those produced by similar methods mentioned above.  The 






           (2.6) 
where 𝐿 and 𝑉 are the molar fraction of liquid and vapour, respectively.  The 
left-hand side of the equation is a function of saturation (base relative 
permeability data), and the right-hand side is a function of pressure and can 
be approximated using the constant composition expansion (CCE) experiment.  
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Equation 2.6 is useful as it relates fluid PVT properties at a given temperature 
and pressure under two-phase steady-state flow conditions to the relative 
permeability ratio.  First, abc
abe
 is calculated as a function of pressure using 
Equation 2.3 at different pressure points.  Then, if 𝑘"4 and 𝑘"3 are available as 
a function of saturation, 𝑆4, a tabulation of 
abc
abe
(𝑆4) is generated.  Thus, a 
relationship between 𝑘"4, 𝑘"3 and pressure can be obtained. In other words, it 
establishes pressure-saturation relationship from PVT data and relative 
permeability data as a function of saturation. 
Many authors have shown good results by employing two-phase steady-state 
based methods in the modelling of gas-condensate well deliverability (Fussell 
1973; Jones & Raghavan 1988; Fevang & Whitson 1996; Jamiolahmady et al. 
2007; Behmanesh et al. 2013; Mahdiyar & Jamiolahmady 2014; Johnson & 
Jamiolahmady 2015; Johnson & Jamiolahmady 2016; Taghizadeh Sarvestani et 
al. 2016). 
In all the above, it is concluded that two-phase pseudo-pressure is superior to 
using single-phase pseudo-pressure.  However, handling base relative 
permeability data is tricky, and the variety of approaches make it a complex 
solution for practical engineering.  In addition to the fact that relative 
permeability data needs to be either available via demanding lab experiment 
or history matched which is not very helpful.  Availability of base relative 
permeability data from core analysis in the lab is costly and complex for gas-
condensate reservoirs.  In addition, the relative permeability as a function of 
saturation does not account for velocity effects, which will be highlighted later 
in Chapter 5.  On the other hand, using single-phase pseudo-pressure (Al-
Hussainy et al. 1966) assumes immobile condensate, and the condensate region 
around the wellbore will distort the results. 
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2.3 Conclusion 
Proper evaluation of reservoirs performance is essential as it impacts the 
economic prospect of field development.  This task is particularly challenging 
for gas-condensate reservoirs due to the presence and flow of condensate.  The 
complexity is further enhanced due to dependency of relative permeability to 
pressure and velocity due to coupling (an increase in gas relative permeability 
with an increase in velocity or a decrease in IFT) and inertia (a decrease in gas 
relative permeability with an increase in velocity).  Assessment of the 
condensate banking, relative permeability data and the well productivity 
alterations will influence decision making concerning well workover (e.g. 
fracturing the reservoir, acid stimulation, or production control), production 
forecast, and overall field management.  A successful evaluation will lead to 
better reservoir characterisation and performance prediction.  The literature 
has shown that unsuccessful evaluation of gas-condensate reservoirs data can 
lead to substantial underestimation or overestimation of the condensate 
banking around the wellbore and thus, an overestimation or underestimation 
of potential performance (Fevang & Whitson 1996; Smits et al. 2001; Briones 
et al. 2002; Huerta Quinones et al. 2012). 
Having additional tools to help evaluate gas-condensate reservoirs is therefore 
extremely helpful.  One of the main issues is the availability of meaningful 
relative permeability data.  The analytical approach proposed in this thesis for 
calculation of relative permeability as a function of pressure and velocity can 
aid in better understanding and analysing well data in such reservoirs, and 
improved management of the field.  Other method to obtain a relative 
permeability that accounts for coupling and inertia is a lab-based experiments 
that are costly and cumbersome.  The proposed method for relative 
permeability calculation from well test data is considered to be a very practical 
and attractive approach, as it will be shown in that such data can be used for 





 Data Summary and Simulation 
Models 
3.1 Introduction 
The purpose of this chapter is to explain the basics of the reservoir model and 
the data sets used in this thesis.  A base model is defined and described in this 
chapter, any deviation from this set-up will be discussed as needed in the other 
chapters. In particular, the intention is to have this chapter as a reference for 
subsequent chapters, in terms of fluid, rock or reservoir properties. 
For all the case scenarios presented in this thesis, synthetic data sets were 
generated using the numerical simulator ECLIPSE 100 for oil and ECLIPSE 
300 for dry gas and gas-condensate systems.  Well bottom-hole pressure data 
versus time were simulated for the drawdown and buildup periods.  The oil and 
dry gas scenarios were considered only for the verification of the pressure versus 
radius calculation method while the rest of the study focuses on the two-phase 
gas-condensate systems.  In all cases, and when it comes to two-phase gas-
condensate scenarios, the reservoir pressure is initially set above the dew point, 
however, once the drawdown period starts, the pressure around the well quickly 
drops below the dew point, and condensate develops around the wellbore. 
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3.2 Reservoir Model Description 
The study throughout this thesis relies on synthetic well test data in order to 
verify the solutions and validate the presented analytical methods.  The 
reservoir model used in the numerical simulator comprises of a single-well in a 
homogeneous single-layer with one grid in the angular and z-direction and 40 
to 100 grid-blocks in the radial direction depending on the scenario. The model 
was set to have no aquifer support and have an outer radius varying from 1200 
to 15000 feet depending on the rock permeability and scenario to ensure that 
no boundary effect is felt in the simulated well tests. 
For most of the cases, a logarithmic block-size distribution was chosen so that 
near the wellbore the cells are very small and increases away from the wellbore 
by a factor of 1.1–1.3 to minimise fluctuation in the wellbore pressure (Mazloom 
et al. 2005).  Table 3.1 shows reservoir model variations that changed to fit the 
requirement of the particular exercise as will be described in the following 
chapters.  A schematic of the base model is shown in Figure 3.1. 
Model Size Variations Model 1 Model 2 Model 3 Model 4 
Number of Gird-blocks 40 50 100 100 
Reservoir Radius, 𝒓𝒆 (ft) 5000 15000 1200 6000 
Grid Distribution Logarithmic Last 10 fixed Logarithmic Logarithmic 
Reservoir Thickness (ft) 100 200 200 70 
Wellbore Radius (ft) 0.58 0.58 0.58 0.58 
Table 3.1—Variations in reservoir model size. 
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Figure 3.1—A schematic example of the reservoir model used in the numerical 
simulation. 
In most cases, the model assumes no wellbore storage (e.g. as if the shut-in 
valve is set at downhole) to eliminate early masking of the well test data.  
Wellbore storage was only introduced to few cases to showcase its effect on the 
results, which will be discussed in section 5.6.1.  In general, for the single-rate 
tests, the well was set to produce at a constant rate for 4 days, followed by a 
shut-in for 8 days, which is enough to capture the pressure response from the 
two-phase region to the single-phase region.  Shorter and more realistic test 
duration were examined later in multi-rate tests (Chapter 6). 
The choice for a radial system gives the ability to export grid properties versus 
radial distance, which is needed to verify the analytical computations in 
Chapter 4 and 5.  There was no need to add further complexity in the system, 
as the aim was to verify the applicability of the suggested methods in a simple, 
homogenous system.  Further complexities were examined in Chapter 5 for well 
geometry (horizontal wells, in section 5.6.2) and wellbore dynamics (wellbore 
storage, in section 5.6.1).  However, there are endless possible formation 
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heterogeneities, and it was not within the scope of this work to test all of them; 
as a result, more suggestions were made in section 8.2 as future work. 
3.3 Rock Data Set 
Five different core samples were considered in this study.  These core samples 
were chosen for their varying rock properties to cover a spectrum of reservoir 
quality from low to high permeability and to have a variety of relative 
permeability behaviour.  The data was readily available for use within the 
HWU-GCR group, which eliminated the need to seek similar for new data set 
from other sources.  These five core samples are RC1, RC10, TC11, RC6, and 
RC8 with permeability values of 0.18, 10, 11.1, 23.4, and 120 mD, respectively.  
RC1 and TC11 simulations included only two phases (oil and gas) with no 
connate water–although this might not be realistic, it would give a better 
understanding of water saturation effect, if any.  However, both RC6 and RC8 
have initial water saturation of 14.5% and 8.6%, respectively, which is a more 
realistic representation of reservoir rocks.  For the dry gas scenario, the RC1 
rock properties and rich gas condensate fluid, above its dew point pressure, 
were used.  While for the single-phase oil system scenario, the RC10 rock with 
the permeability of 10 mD and a porosity of 0.25 was used.  RC cores are 
sandstone reservoir cores and TC is carbonate outcrop.  Table 3.2 summarises 
the basic properties for all the five rocks. 
Property RC10 TC11 RC1 RC6 RC8 
Porosity (%) 25 23.3 17.3 15.8 12.3 
Phases Oil Oil/Gas Oil/Gas Oil/Gas Oil/Gas 
Permeability (mD) 10 11.1 0.18 23.4 120 
Initial water saturation (%) 0 0 0 14.5 8.6 
Rock type Sandstone Carbonate Sandstone Sandstone Sandstone 
Rock compressibility (psi-1) 4.0 ×10-6 3.0 ×10-6 4.49 ×10-6 4.49 ×10-6 4.49 ×10-6 
Table 3.2—Rock properties used for the single-phase and two-phase gas-
condensate systems. 
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Besides varying permeability, each core sample has different rock porosity, 
connate water saturation, base relative permeabilities curves, and core 
exponents—measured in the lab by the HWU-GCR team.  Core exponents are 
required to adjust base relative permeability as it is a function of velocity and 
interfacial tension (IFT), which is discussed further in sections 2.2.4 and 3.5.   
This dependency is expressed in the ECLIPSE numerical simulator, but the 
level of impact is expressed by the core exponents.  Details of the lab-obtained 
base relative permeability data are shown in Figure 3.2 and in Table 3.3, 
Table 3.4, Table 3.5 and Table 3.6 for RC1, TC11, RC6 and RC8, respectively.  
These data were experimentally measured by the gas-condensate recovery 
research team at Heriot-Watt University and are used in the simulator as an 
input. 
Sg Krg Kro 
0.65 0 0.30 
0.71 0.1101 0.1539 
0.80 0.1753 0.0609 
0.86 0.2368 0.0243 
0.91 0.2825 0.0095 
1 1 0 
 
Sg Krg Kro 
0.152 0 0.2474 
0.31 0.0744 0.104 
0.39 0.1927 0.067 
0.452 0.3309 0.034 
0.583 0.5945 0.02 
0.707 0.7379 0.0123 
1 1 0 
 
Table 3.3—RC1 gas and oil base relative 
permeabilities. 
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Sg Krg Kro 
0.455 0 0.241681 
0.588 0.008899 0.020019 
0.607 0.01285 0.014454 
0.608 0.018233 0.010201 
0.614 0.02731 0.00768 
0.628 0.034439 0.005697 
0.68 0.060251 0.003258 
0.705 0.080833 0.002175 
0.855 1 0 
 
Sg Krg Kro 
0.414 0 0.205718 
0.512 0.0079 0.0177 
0.539 0.0157 0.0088 
0.621 0.0301 0.005 
0.66 0.0614 0.0033 
0.718 0.0873 0.0023 
0.914 1 0 
 
Table 3.5—RC6 gas and oil base relative 
permeabilities. 
Table 3.6—RC8 gas and oil base relative 
permeabilities. 
 
   
   
Figure 3.2—Plots of gas and oil base relative permeabilities for (a) RC1, (b) 
TC11, (c) RC6, and (d) RC8. 
(a) (b) 
(d) (c) 
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3.4 Fluid Properties 
The spectrum of fluid used in this study varies.  For the two-phase gas 
condensate fluids, a binary fluid composed of methane (C1) and n-decane (C10) 
with different condensate richness have been used–i.e. lean, moderate, and rich.  
On the other hand, for the single-phase scenarios, dry-gas and black oil were 
used.  Table 3.7 shows a summary of the variation in compositions, apparent 
molecular weight (AMW), dew point pressure of each of the gas condensate 
fluid type and maximum liquid dropout (MLDO)–illustrated in Figure 3.3. 
Component Lean Moderate Rich 
C1 (%) 95 91.5 88.5 
C10 (%) 5 8.5 11.5 
AMW 21.9 26.1 29.6 
Dew point pressure (psia) 4259.8 5043 5288.5 
MLDO (%) 6 15.6 27 
Table 3.7—Fluid properties for gas condensate fluid under study. 
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Constant composition expansion (CCE) and constant volume depletion (CVD) 
PVT tests are used to describe a gas condensate fluid and determine parameters 
such as density, volume and composition of liquid and gas phases for gas 
condensate fluid (Raghavan & Jones 1996; Whitson et al. 2000).  In the CCE 
test, the fluid in the cell is expanded while the fluid composition remains 
constant and the volume occupied by each phase is noted at each expansion 
step.  On the other hand, in the CVD test, the cell volume is kept constant, 
and excess gas is removed at each step at constant pressure and the properties 
at each stage and volume are measured (Danesh 1998).  Due to gas removal in 
the CVD tests, the potential for further condensate dropping out of the gas is 
less than in the CCE tests (Dandekar 2013); hence CCE test predicts higher 
condensate saturation.  Xu and Lee (1999) showed that fluid PVT properties 
(such as viscosity and density) in both lab CCE and CVD processes are good 
approximations of the actual reservoir properties. 
The PVT properties of the fluids in this study were obtained by simulating 
laboratory experiment using the commercial software PVTi.  The simulator 
uses the modified Peng-Robinson Equation of State (EOS).  The CCE test, 
which would better represent the near wellbore gas-condensate flow behaviour, 
was used to output the density, viscosity and z-factor versus pressure.  For the 
oil system, the fluid is set to be dead oil with a viscosity of 0.456 cp, and density 
of 53 lb/ft3. 
3.5 Velocity-Dependent Model 
The low interfacial tension (IFT) of gas-condensate systems dictates a flow 
regime that is different from conventional gas-oil systems.  The dependency of 
gas-condensate relative permeability on velocity and pressure due to coupling 
(an increase in gas relative permeability with an increase in velocity or a 
decrease in IFT) and inertia (a decrease in gas relative permeability with an 
increase in velocity) adds further complexity to any interpretation of pressure 
or rate data (Henderson et al. 1997; Jamiolahmady et al. 2000). 
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Throughout this study, for the gas-condensate system, when velocity effects 
(inertia, coupling or both) need to be implemented in the data, it can be 
activated using the velocity-dependant relative permeability keyword in 
ECLIPSE 300, “VELDEP”, and a model developed by the gas-condensate 
recovery research team at Heriot-Watt University (Henderson et al. 2000)—
where empirical correlations were developed based on the relative permeability 
behaviour to the variation in fluid saturation, velocity and IFT.  The model 
description below is from Henderson et al. (2000) where the capillary number 




            (3.1) 
where 𝑣3 is the gas velocity, 𝜇3 is the gas viscosity and 𝜎3& is the IFT between 
gas and condensate.  𝑁&=w is the capillary number ratio of the base capillary 





            (3.2) 
Base relative permeabilities are then adjusted by positive coupling effect using 
the following relationship: 
𝑘"w(𝑁&) = (𝑁&=w)
0 =^z 	𝑘"xw + {1 − (𝑁&=w)
0 =^z | 𝑘"?w     (3.3) 
where 𝑘"xw is the base relative permeability curve measured at the lowest 
capillary number (lowest velocity at the highest IFT), and 𝑘"?w the miscible 




          (3.4) 
where 𝑋w is a function from the relationship between capillary number ratio and 
residual phase ratio between base curve and the sought curve: 
𝑋w = 1 − 𝑒(N?yv^)          (3.5) 
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and exponent 𝑛w is given as: 
𝑛w = 𝑛0𝑆w
∗=P^           (3.6) 




            (3.7) 
and 𝑚, 𝑛0 and 𝑛U are obtained experimentally. 
VELDEP keyword uses the base conventional relative permeability data (those 
not affected by coupling and inertia) to generate relative permeability at 
various velocity and pressure values for any grid block at any time. 
There are four key triggers in the VELDEP keyword: 
• “0 0 0 0”: will not introduce inertia and coupling to the system, which 
means that the base relative permeability data provided will not change 
due to velocity effects. 
• “0 0 0 2”: activates inertia model only for gas. 
• “1 1 0 0”: activates coupling model only for gas and oil. 
• “1 1 0 2”: activates both coupling and inertia.  This mode is the most 
important in terms of realism and is what will be used for most of the 
cases in this study when both effects are considered.  Both effects would 
be competing with each other; in most cases considered here the coupling 
has the dominant overall effect of improving the gas relative 
permeability. 
It is important to note the significance of velocity effects on the gas relative 
permeability, as previously shown in Figure 2.6 and Figure 2.7.  To demonstrate 
the effect of coupling and inertia on a rich gas-condensate fluid productivity, 
four runs were made for each key trigger in the VELDEP keyword.  That is, 
the first run was made with no inertia and no coupling, the second with only 
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inertia, the third with only coupling, and the fourth with both inertia and 
coupling.  Figure 3.4 shows the pressure drawdown for all the four scenarios. 
 
Figure 3.4—Changes in pressure drawdown, as shown in well bottom-hole 
pressure (WBHP), due to velocity effects. 
Productivity index, 𝐽 = 
∆(
, can calculated to translate drawdown to well 
productivity.  It can be observed that with only inertia introduced, there was 
a drop in the performance compared to the scenario where both inertia and 
coupling are deactivated.   On the other hand, when coupling was activated, it 
showed great improvement in the productivity of the well dominating the 
inertia effect.
No inertia, no coupling 
Inertia only 
Coupling only 




 Pressure Versus Distance Profile 
for Well Testing Buildup Data 
4.1 Introduction 
The work in this chapter expands on that of calculating the pressure versus 
radius profile from pressure transient data using the probe radius concept as 
first introduced by Osorio et al. (2005) for gas-condensate systems.  In this 
chapter, the focus is to validate its applicability and define its limitations.  To 
do this, first, it was tested for single-phase scenarios, before moving to more 
complex gas-condensate systems.  In other words, the concept of calculating 
pressure versus radius profile from well test pressure versus time data was first 
applied to a single-phase oil system.  Then a single-phase compressible gas 
system that requires single-phase pseudo-pressure was considered. 
Once the results of the single-phase systems are positive, the method was then 
extended to the two-phase gas-condensate system, where both gas and 
condensate coexist and flowing.  Initially, cases were studied with different fluid 
richness where velocity effects (inertia and coupling) were inactive all proving 
that the application of calculating pressure versus radius profile from buildup 
data for gas-condensate reservoirs is reliable.  However, later, the focus was on 
cases where both inertia and coupling were active, to represent a realistic gas 
condensate fluid behaviour. 
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The resulting pressure versus radius profiles can be used to estimate condensate 
bank extent, which is a critical information to assess how deep the condensation 
buildup is around the well.  Besides, Chapter 5 will discuss the ability to use 
the pressure versus radius profiles to estimate velocity-dependent relative 
permeability data as a function of pressure in the vicinity of the well within the 
reservoir. 
First, a description of the probe radius concept and the pressure profile 
calculation method are discussed, followed by a highlight on the benefits of 
having pressure versus radius data.  Then the results of the single-phase and 
the two-phase systems exercises are presented followed by sensitivity analysis 
on fluid richness, model gridding and rock quality. 
4.2 Definition of the Probe Radius 
Probe radius is the radius at which the flowing pressure in the reservoir at the 
time before shut-in is equal to the current well pressure measured with time at 
the wellbore during well test operation after shut-in.  Peaceman (1978) through 
two independent mathematical derivations (using Bessel series and the Ei 
function), showed that the probe radius and the shut-in time are related by the 
following equation (converted to oilfield units): 
a∆6
∅Z&"P
= 1689           (4.1) 
In Equation 4.1, ∅ is the porosity, 𝑘 is the absolute permeability, 𝜇 is the 
viscosity, 𝑐6 is the total compressibility, 𝑟? is the probe radius, and ∆𝑡9 is the 




           (4.2) 
In Equation 4.2, ∆𝑡 is the time elapsed from the start of the transient test 
(buildup), and 𝑡( is the effective producing time at a constant rate (drawdown). 
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The concept suggests that a given pressure change, ∆𝑝, which is measured at a 
shut-in time, ∆𝑡, during a buildup would have occurred in the reservoir at a 
distance, 𝑟?, away from the well at the end of the preceding drawdown (Figure 
4.1).  In other words, Equation 4.1 converts bottomhole pressures from a 
buildup test into the reservoir pressure versus radius within the reservoir at the 
end of the drawdown period using the recorded shut-in buildup pressure versus 
time data. 
 
Figure 4.1—Illustration of probe radius concept (Osorio et al. 2005). 
This was not considered to be a practical tool from well test analysis point of 
view given the fact that absolute permeability must be available.  However, the 
way Equation 4.1 is going to be used is by solving for reservoir mobility. 
In this thesis, to test the capability of calculating pressure versus radius, a 
numerical simulator is used where well test data (pressure drawdown and 
buildup) is used as an output, which is assumed to be equivalent to measured 
well test data; thus, through the numerical simulator’s output, pressure versus 
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radius is also available to be compared with the calculated pressure profile for 
validation. 
4.3 Calculating Pressure Versus Radius Profile 
The first step in calculating the pressure versus radius profile requires both 
permeability, 𝑘, and viscosity, 𝜇. Hence, mobility is defined as: 
𝜆 = a
Z
            (4.3) 




          (4.4) 
For the case where the oil system is used for validation purposes, mobility can 
be defined as: 
𝜆 = .U	c	
	(
            (4.5) 
where 𝑞4 is the flow rate of oil, 𝐵 is the formation volume factor for oil, ℎ is the 
formation thickness, and 𝛥𝑝> is the derivative of pressure, 𝛥𝑝, with respect to 
the log of time. 
Mobility for gas is obtained from the constant rate solution of the diffusivity 







          (4.6) 
where 𝑞3 is the gas flow rate, 𝑇 is the temperature, 𝜇3 is the gas viscosity, ℎ is 
formation thickness, and 𝑝((𝑝>) is the time log derivative of pseudo-pressure, 




𝑑𝑝(^(_          (4.7) 
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Theoretically, 𝜆3 would reflect any changes with distance, as 𝑝((𝑝>) changes. 
Any change in mobility from the condensate region to the single-phase gas 
region is accounted for in the values of the pseudo-pressure derivative, 𝑝((𝑝>). 
For gas-condensate systems, two-phase mobility term includes two-phase 
pseudo-pressure derivative, which require relative permeability data to 
compute.  Such relative permeability data as a function of pressure are not 
available, therefore, in the proposed procedure, initially, single-phase pseudo-
pressure data are used.  Two-phase pseudo-pressure can replace these data once 
relative permeability data are available. 
For all the gas and gas-condensate cases discussed in this thesis, the procedure 
of calculating pressure profile starts as following: first, the well bottom-hole 
pressure data from the numerical simulation is obtained (Figure 4.2). 
 
Figure 4.2—Example of well bottom-hole pressure (WBHP) versus time for a 
two-phase gas-condensate case numerically generated using a simulation software. 
Single-phase pseudo-pressure 𝑝((𝑝) is then calculated by Equation 4.7.  Using 
well test analysis software, such as PanSystem, with the calculated single-phase 
pseudo-pressure table, the buildup data are analysed to obtain the pseudo-
pressure derivative with respect to time.  These pseudo-pressure derivative data 
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with respect to time are then used in Equation 4.6 to obtain gas mobility values 
for each point in time.  Since all parameters are only a function of pressure, the 
gas mobility, at each shut-in time, is easily calculated.  Once the gas mobility 
values are calculated, Equation 4.4 is used to calculate radius values for each 
pressure point.  Given the pressure values at each time at which a radius has 
been calculated, the pressure versus radial distance can be constructed (Figure 
4.3). 
 
Figure 4.3—Example of pressure versus distance profile calculated from well test 
buildup data and compared with the numerical simulation output. 
For the oil system case, Equation 4.5 is used instead of Equation 4.6 to calculate 
mobility, and pressure is used instead of pseudo-pressure. 
In a systematic manner and to verify the reliability of data generated at the 
first stage, in this work, the analytically calculated pressure versus radius profile 
is compared with the pressure profile obtained from the numerical simulations 
that are available in this study (Figure 4.3).  The data are verified by obtaining 
a good match with the output from the numerical simulator, before utilising 
the results in the next stage where relative permeabilities are calculated 
(Chapter 5). 
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4.4 Benefits of Pressure Versus Radius Profile in a Two-
Phase Reservoir 
Here, two main benefits of the pressure versus radius profile are discussed.  The 
first, as shown later in section 4.6.3, is that it can be used to determine the 
extent of the condensate bank around the well.  The second benefit, which will 
be discussed in Chapter 5, is that it can be used to generate pressure derivative 
with respect to distance to be used to calculate gas-condensate relative 
permeability data analytically. 
In this thesis, the ultimate goal of this technique, besides obtaining the pressure 
versus radius profile, is to use it to calculate the relative permeability as a 
function of pressure for two-phase gas condensate systems.  One of the 
advantages of knowing the relative permeability data as a function of pressure 
is that it allows us to calculate the two-phase pseudo-pressure, which is needed 
for any two-phase-based analysis technique, to accurately describe the two-
phase flow.  The difficulty of working with the two-phase pseudo-pressure is 
that it needs relative permeability data, which are not available. 
4.5 Single-Phase Systems 
Initially, the concept of calculating pressure versus radius profile was applied 
to a single-phase gas system.  Upon finding some deviations between the 
analytically calculated profile and that from the numerical simulation, it was 
necessary to test the method on a single-phase oil system, for validation 
purposes as the original equations have been developed for slightly compressible 
liquid systems. 
In both cases, the applicability of calculating pressure versus radius profile using 
buildup data was verified by producing reliable results that match the reservoir 
simulation output. 
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4.5.1 Pressure Profile—Oil System 
For the single-phase oil system, a case was set-up where reservoir Model 1 
(Table 3.1) was used with reservoir thickness of 50 ft and using the RC10 rock 
data (Table 3.2) and a black oil fluid system.  Equation 4.4 was used to 
construct the pressure versus radius profile.  Figure 4.4 shows a comparison 
of the pressure versus radius profile, obtained from the numerical simulation 
with that calculated analytically from the well test data.  Figure 4.4 shows that 
for a single-phase oil system, there is a perfect match between the two pressure 
profiles.  Thus, it proves that the concept is reliable, and the approach and 
constructed model is validated.  Next, the concept is tested for a single-phase 
gas system. 
 
Figure 4.4—Comparison of pressure versus radius profile calculated based on 
probe radius with the corresponding profile output from the numerical simulation 
for the single-phase dead oil case. 
4.5.2 Pressure Profile—Dry Gas System 
For the single-phase dry gas system, a case was set up using the same reservoir 
model, Model 1 (Table 3.1), with RC1 rock data (Table 3.2) and a moderate 
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above the dew point, to maintain the single-phase conditions.  Pressure versus 
radius profile was then calculated using the described method.  Figure 4.5 
compares the calculated pressure versus radius profiles with that from the 
numerical simulation.  In this scenario, instead of pressure, pseudo-pressure was 
used. 
As it is noted there is a good agreement between the two; however, after about 
60 feet, there is a deviation in the pressure profile compared to the simulation 
pressure.  To eliminate any scenario-based errors, the same procedure was 
followed for another case with slightly different rock properties.  This time, the 
porosity was changed to 34.6% instead of 17.3%, (Figure 4.6) which resulted 
in the same trend of the mismatch at a distance further away from the well. 
 
Figure 4.5—Comparison of pressure versus radius profile calculated based on 
probe radius with the corresponding profile output from the numerical simulation 
for the single-phase gas case. 
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Figure 4.6—Comparison of pressure versus radius profile calculated based on 
probe radius with the corresponding profile output from the numerical simulation 
for the single-phase gas case with porosity of 0.346. 
4.5.3 Model Grid Size Sensitivity 
Before proceeding further, it has been established that the deviation in the 
pressure versus radius profile calculated from well test data compared to the 
simulated pressure profile, for the single-phase gas systems, is most likely to be 
the result of the pseudo-pressure approximation.  However, to eliminate the 
possibility that the reservoir model gridding system might have influenced the 
deviation, a specific alteration to the grids was implemented and tested against 
the current model.  Instead of having the grids increasing logarithmically away 
from the wellbore, ending up with large cells away from the well compared to 
the cells nearer the well, the grids were set to have a small uniform size of 20 
ft each across the whole flow domain—except for the first 50 ft around the well 
where smaller grids were considered to have a better resolution of flow dynamics 
due to velocity effects around the wellbore (Figure 4.7). 
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Figure 4.7—Snapshot of the reservoir model using uniformly small-sized grid-
blocks. 
This resulted in a significant increase in the number of grids for the reservoir 
with the same outer radius value.  Hence, the number of grids is set to be 200 
instead of 40 for Model 1.  
The simulated bottom-hole pressure data of the new model was analysed for a 
rich gas condensate, and the pressure versus radius profile was obtained.  The 
result (Figure 4.8) was showing the same deviation trend existed in original 
reservoir model of 40 logarithmically increasing grid-blocks (Figure 4.9).  
Figure 4.10 shows an overlay comparison between the two different pressure 
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profiles obtained using different gridding models.  Therefore, this eliminated 
the possibility that such a deviation in the pressure versus radius profile could 
be due to the grid-size distribution.  The data fluctuation at about 40 ft were 
a reflection of data noise in the well test pressure versus time and can be ignored 
or removed by smoothing the original data set (as will be discussed later in 
section 5.4).   
At this point, it is safe to assume that the deviation is due to the approximation 
of the pseudo-pressure function and not artificially generated due to the 
numerical grid system.  It is to note that, it takes much longer to run the 
simulation model with 200 smaller grid-blocks, compared to that with 40 
logarithmically increasing grid-blocks.  As there was no improvement gained on 
the results, the logarithmically increasing grid-blocks distribution was 
considered for all the remaining study. 
 
Figure 4.8—Pressure versus radius profile calculated by probe radius compared to 
the corresponding numerical simulation data, uniform size reservoir model of 200 
grid-blocks. 
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Figure 4.9—Pressure versus radius profile calculated by probe radius compared to 
the corresponding numerical simulation data, original reservoir model of 40 grid-
blocks increasing logarithmically. 
 
Figure 4.10—A comparison between pressure versus radial distance using two 
different gridding system. 
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4.5.4 Conclusion and Discussion 
From the results above, it was concluded that the extension of the concept 
originally developed for a liquid with small and constant compressibility to a 
gas system works with a small caution, that the data further away from the 
wellbore will have a slight deviation in the pressure profile.  This deviation is 
believed to be due to the pseudo-pressure approximation (Equation 4.7).  That 
is, the diffusivity equation was derived from three principles: conservation of 
mass, equation of state for slightly compressible liquids, and Darcy’s law.  In 
order to propose a mathematical solution to the diffusivity equation it must 
assume that fluid viscosity, 𝜇, and total compressibility, 𝑐6, are constant.  This 











         (4.8) 
To replace the slightly compressible liquid equation of state with that of gas 
would results in a more complex and non-linear equation.  However, it can be 
partially linearised by using the pseudo-pressure function (Equation 4.7), that 
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          (4.9) 
This equation is then subjected to the corresponding boundary and initial 
conditions to obtain the corresponding semi-log equations describing the 
variation of pressure with time within the wellbore during the drawdown and 
buildup tests.  It should be noted that for buildup the superposition for a linear 
system is also applied to give the Horner time function. 
In summary, the application of liquid-based equations has been extended to gas 
systems, with large variations in their fluid properties (i.e. viscosity and 
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density) with pressure, using the pseudo-pressure concept, Equation 4.7.  
Therefore, it is suggested that this discrepancy between original derivation and 
the approximated solution is the source of the deviations between the gas 
pressure versus radius calculations and the numerical simulation data as they 
are perfectly matched for the liquid case, Figure 4.4.  
It is worth noting that for this work’s purpose, what is important is the area 
around the wellbore, where condensate is forming, and velocity effect is in 
action; hence this pressure versus radius profile technique can be applied given 
that the results are approached cautiously beyond the point of deviation. 
4.6 Two-Phase System 
In this section, the application of probe radius concept is extended to two-phase 
gas-condensate systems, with different fluid richness and with and without 
velocity effects.  This part is the most important, as ultimately the goal is to 
utilise the generated pressure versus radius profile to calculate relative 
permeability data (Chapter 5), and two-phase pseudo-pressure.  Successful 
results here mean that the method can be used in two-phase gas-condensate 
flow conditions. 
The procedure followed is similar to that for the single-phase system.  This 
time; however, the synthetic well bottom-hole pressure data are obtained from 
the numerical simulation of flow for two-phase gas-condensate conditions (e.g. 
the system pressure is allowed to drop below the dew point for the condensate 
to develop in the reservoir, mainly around the wellbore). 
4.6.1 Fluid Richness Sensitivity 
As a start, three cases with different fluid richness were set, to test the fluid 
richness sensitivity.  The three levels of richness are lean, moderate, and rich 
(Table 3.7).  All the three cases were based on the RC1 rock data (Table 3.2) 
with reservoir Model 1, and the velocity-dependant keyword (VELDEP) in the 
numerical simulator turned off (e.g. no inertia or coupling are considered)–as 
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the aim here is only to observe how the pressure profile calculation respond to 
different condensate richness. 
The pressure versus radius profile was calculated using Equation 4.4 for each 
case and then compared with the corresponding pressure profile output from 
the numerical simulation data as shown in Figure 4.11, Figure 4.12 and 
Figure 4.13 for lean, moderate and rich, respectively. 
 
Figure 4.11—Pressure versus radius profile calculated by probe radius compared 
to the corresponding numerical simulation data, two-phase lean gas-condensate. 
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Figure 4.12—Pressure versus radius profile calculated by probe radius compared 
to the corresponding numerical simulation data, two-phase moderate gas-
condensate. 
 
Figure 4.13—Pressure versus radius profile calculated by probe radius compared 
to the corresponding numerical simulation data, two-phase rich gas-condensate. 
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Figure 4.11, Figure 4.12 and Figure 4.13 show that the calculated pressure 
versus radius profiles obtained from well test data are closely matching the 
pressure profiles obtained from the numerical simulator for all the three 
different fluid richness which further confirms the applicability of the approach 
for two-phase gas-condensate systems when two-phase exist and flowing around 
the wellbore.  That is, the pressure versus radius profiles obtained from well 
test data are reliable. 
4.6.2 Rich Fluid with Different Rocks Models 
Up to this point, it has been verified that the concept works on single-phase 
oil, single-phase gas, and two-phase gas-condensate at different fluid richness 
without velocity effects with.  However, the ultimate goal is to apply the 
method on two-phase flow conditions where the velocity effect is significant, 
which is a more realistic scenario for gas-condensate reservoirs.  As a result, the 
velocity-dependant keyword (VELDEP) was turned on for both coupling and 
inertia in the numerical simulator (as discussed in section 3.5).  In this section, 
the scenario with maximum two-phase presence is considered–that is the cases 
presented below are based on rich gas-condensate system.  As with lower 
condensate richness, the effect of two-phase and velocity effects will always be 
less. 
Four cases of single constant-rate buildup tests are discussed in this section.  
During the production in all cases, the aim was for the pressure to go below 
dew-point enabling the condensate to form around the well.  Table 4.1 
summarises the four cases.  In the first three cases, reservoir Model 1 (Table 
3.1) was used with 40 grids in the radial direction, and an outer radius of 5000 
ft, which is large enough to avoid well test data hitting the boundary.  For 
Case 4, however, a larger reservoir, Model 2, was used as RC8 higher 
permeability requires bigger outer radius to ensure the boundary dominated 
flow is not attained.  Initial reservoir pressures were varied for each case.  The 
criteria for their selection was basically to have enough pressure drop, 
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depending on the used production rate value, to change the reservoir condition 
from single-phase gas to two-phase gas and condensate. 







Case 1 RC1 4 8 1 
Case 2 RC1 4 16 1 
Case 3 RC6 4 8 50 
Case 4 RC8 4 8 170 
Table 4.1—Characteristic of the considered single-rate cases. 
The first case, Case 1, was simulated based on the RC1 rock properties (Table 
3.2) using reservoir Model 1.  The well test design was set to have four days of 
drawdown with a flowing gas rate of 1 MMscf/D followed by eight days of 
buildup (Figure 4.14) with an initial reservoir pressure of 5700 psia.  Figure 
4.15 shows the calculated pressure versus radius profile for Case 1. 
 
Figure 4.14—Well bottom-hole pressure (WBHP) versus time for Case 1. 
Dew point pressure 
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Figure 4.15—Pressure versus radius profile calculated by probe radius compared 
to the corresponding numerical simulation data for Case 1. 
Case 2 is based on the same rock properties, RC1, with reservoir Model 1 but 
this time to encourage more condensate development around the well, the 
drawdown period was extended to 16 days instead of four days (Figure 4.16) 
with an initial reservoir pressure of 5500 psia.  Figure 4.17 shows the 
calculated pressure versus radius profile for Case 2. 
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Figure 4.16—Well bottom-hole pressure (WBHP) versus time for longer 
production, Case 2. 
 
Figure 4.17—Pressure versus radius profile calculated by probe radius compared 
to the corresponding numerical simulation data for Case 2. 
Case 3 is based on the RC6 rock properties and reservoir Model 1, with a 
drawdown period of four days followed by eight days buildup.  This case was 
Dew point pressure 
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analysed to test the concept on a higher permeability rock, i.e. 23.6 mD.  It 
was set with an initial reservoir pressure of 5400 psia and a flowing gas rate of 
50 MMscf/D (Figure 4.18).  The calculated pressure versus radius profile for 
Case 3 is shown in Figure 4.19. 
 
Figure 4.18—Well bottom-hole pressure (WBHP) versus time for Case 3. 
 
Figure 4.19—Pressure versus radius profile calculated by probe radius compared 
to the corresponding numerical simulation data for Case 3. 
Dew point pressure 
Chapter 4: Pressure Versus Distance Profile for Well Testing Buildup Data 
 62 
Case 4 is based on the RC8 rock properties, which was analysed to test the 
concept with even higher permeability rock, i.e. 120 mD, as production 
conditions and velocity effect should change accordingly.  Drawdown was set 
to be four days followed by eight days buildup with an initial reservoir pressure 
of 5400 psia and a flowing gas rate of 170 MMscf/D (Figure 4.20). The 
calculated pressure versus radius profile for Case 4 is shown in Figure 4.21. 
Figure 4.20—Well bottom-hole pressure (WBHP) versus time for Case 4. 
Dew point pressure 
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Figure 4.21—Pressure versus radius profile calculated by probe radius compared 
to the corresponding numerical simulation data for Case 4. 
Overall, the calculated pressure versus radius profiles from well test data for 
gas-condensate system with velocity effects closely match the pressure profile 
from the numerical simulation.  This suggests that the method is reliable for 
gas-condensate applications considered here. 
4.6.3 Condensate Bank Extent from Pressure Versus Radius Profile 
As mentioned earlier, one of the benefits of the pressure versus radius profile is 
the ability to determine the radial extent of the condensate bank around the 
wellbore.  By having pressure versus radius profile, and knowing the dew point 
pressure, the radial extent of the condensate can be determined. 
In the earlier cases, given the dew point of 5288.5 psia for the rich gas 
condensate, the extent of the condensate bank is estimated to be approximately 
6, 43, 196 and 187 ft away from the wellbore for Cases 1, 2, 3 and 4, respectively.  
These values reasonably match the corresponding condensate bank radius 
values from the simulation output as shown in Table 4.2. 
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radius when kro>0 
Case 1 6 6 
Case 2 43 54 
Case 3 196 183 
Case 4 187 168 
Table 4.2—Condensate extent in the reservoir, estimated from the pressure versus 
radius calculated from well test compared to the numerical simulation output. 
4.7 Conclusion 
This chapter examines the reliability of calculating pressure versus radius 
profile from pressure versus time buildup data from tests on wells in gas-
condensate reservoirs.  The calculation is based on the probe radius concept 
originally proposed for single-phase systems. 
The concept of calculating pressure profile was first applied for the single-phase 
oil and single-phase gas systems.  The results were then verified showing 
excellent agreement between the calculated pressure versus radius profile and 
those output from the corresponding numerical simulation.  A slight deviation 
was noticeable far away from the wellbore in the case of single-phase gas 
systems, but there was no deviation along the whole distance tested in the case 
of single-phase oil systems.  This deviation was attributed to the approximation 
in the pseudo-pressure concept accounting for the gas compressibility and 
viscosity variation with pressure.  It should be noted that the difference between 
the well test-based pressure versus radius profile and that based on the 
numerical simulation data for the gas system is not significant.  Furthermore, 
the thesis is focusing more closely on the area around the wellbore, where 
velocity effect plays a significant role, and there are no such deviations in the 
nearer to the well, i.e. the concept should work for that purpose.  The 
applicability of the method was then tested for two-phase gas-condensate 
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systems with good agreement between the two pressure profiles for different 
fluid richness and with and without velocity effects.  At this stage, the author 
is comfortable to say that the calculated pressure versus radius profile in two-
phase gas-condensate systems gives consistent results under the conditions 
considered in this work. 
• The method also shows that the condensate bank extent around the 
wellbore can be successfully determined from the pressure versus radius 
profile when the dew point pressure is known. 
• It is to note that the primary goal of calculating pressure versus radius 
profile from well test data is to use it in relative permeability calculations 




 Velocity-Dependent Two-Phase 
Relative Permeability from Well 
Test Data 
5.1 Introduction 
One of the main goals of this thesis is to improve the two-phase analysis of well 
test and production data in gas-condensate reservoirs.  To attain this goal, it 
is essential to use the two-phase pseudo-pressure concepts to describe the flow 
behaviour around the wellbore accurately, where two-phase flow exists.  
However, the two-phase pseudo-pressure calculation needs relative permeability 
data as a function of pressure, which are not usually available.  One of the 
benefits of calculating the reservoir pressure versus radius profile from well test 
data—as presented in Chapter 4, is that it can be used to obtain the relative 
permeability data, in the vicinity of the well as will be presented in this chapter. 
The approach relies on a reasonable approximation of relative permeability 
data, calculated analytically, from the pressure gradient at any measured point 
using two-phase Darcy flow theory and the assumption of steady-state flow 
near the wellbore.  The steady-state assumption applies for gas-condensate 
systems when the total composition of the single-phase fluid entering the two-
phase region is close to that produced at the wellbore and is valid after an 
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initial period of rapid condensate buildup.  Under such conditions, there is mass 
transfer between the two phases, but the overall composition remains constant 
as the condensate that drops out around the wellbore by the flowing gas is 
equal to that flowing out to the wellbore and produced.  Additionally, it has 
been shown, for a single-phase fluid, that pressure behaviour under pseudo-
steady-state and transient condition is close to that of steady-state behaviour 
near the wellbore which is the primary interest here (Stewart & Jamiolahmady 
2016).  In this thesis, the results show that the assumption of steady-state 
would work within the conditions considered in this work, as will be discussed 
in section 5.5. 
Common relative permeabilities data are usually obtained from core 
measurements in the lab and reported based on saturation.  However, when 
they are measured using the steady-state method they can be reported as a 
function of fractional flow.  The work presented in this thesis is around pressure 
data, so it is convenient that saturation data are not needed, that is a 
relationship between pressure (and its gradient) and relative permeability is 
sufficient as captured by the proposed approach.  In other words, in this method 
saturation data, which are not available, do not enter into the calculation as 
relative permeabilities data depend only on pressure and its gradient.  
Considering that in this method relative permeabilities data are not reported 
as a function of saturation would suggest that such data are of limited use for 
other applications.  However, it has to be added that if velocity effects are 
important, the near-wellbore relative permeability data obtained here are the 
ones that most simulators would use as a function of pressure in their 
calculations.  That is, most reservoir simulators use a formulation that calculate 
velocity dependent relative permeability with base relative permeability data, 
which are not velocity dependent, as one input.  If near-wellbore velocity effects 
are important, the other input data are core-specific constants which determine 
the impact of velocity on relative permeability.  These core specific constants 
are usually determined by history matching of production data or the 
corresponding velocity dependent relative permeability data measured in the 
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laboratory on the core samples under steady-state conditions.  These 
measurements are demanding and costly, therefore, calculating relative 
permeability data from available well test data is practically very attractive. 
5.2 Analytical Calculation of Velocity-Dependent Relative 
Permeability Method 
This chapter relies on the results of the earlier chapter (Chapter 4).  That is, 
in order to calculate relative permeability from well test data, the pressure 
versus radius profile is needed. 
The method involves the calculation of the pressure derivative with respect to 
radial distance from the estimated pressure versus radius profile.  These data 
are then used in the following equations (Equations 5.1 and 5.2) to estimate 
gas relative permeability (𝑘"3) and oil relative permeability (𝑘"4).  These two 
equations derived in Appendix-A are based on Darcy’s law and the steady-state 
















         (5.2) 
where 𝑚; is the total gas plus condensate mass rate, 𝑥  is the liquid mass 
fraction, 𝑘ℎ is the flow capacity (permeability by thickness), 𝜌4 and 𝜌3 are the 
condensate and gas densities, 𝜇4 and 𝜇3 are the condensate and gas viscosities, 
𝑟 is the radius, 𝛼0 is a unit conversion factor for oilfield  unit system (0.007082), 
and {§
"
| is the velocity dependent pressure gradient at radius 𝑟. The absolute 
permeability value in this equation can either be estimated from the single-
phase gas region or obtained from other sources (e.g. logs, cores, previous well 
tests). 
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It should be noted that the relative permeability data calculated using this 
method would include velocity effects due to coupling and inertia.  To verify 
the reliability of the calculated relative permeability data at this stage, they 
are compared with the corresponding values obtained from the numerical 
simulations as output. 
The calculated relative permeability data initially was affected by numerical 
issues when calculating the differential component {§
"
| in Equations 5.1 and 
5.2 which resulted in noise and fluctuations.  As a result, an investigation on 
the source of the noise and a solution to overcome this issue is discussed in the 
next section. 
5.3 Workflow Summary 
In this section, a summary of the steps involved in the proposed methods is 
presented as a workflow.  The aim is to make a connection on how the approach 
works from one concept to another.  The workflow can be described in three 
stages (Figure 5.1).  In addition, Appendix-B shows a tabulated sample of data 
calculations involved for stage one (pressure versus radius profile) and two 
(relative permeability as a function of pressure) below. 
Stage one is where well test pressure derivative is used to calculate gas mobility 
and calculate pressure versus radius profile.  This stage was described in detail 
in Chapter 4. 
In stage two, the gradient of pressure versus radius is used to calculate gas and 
oil relative permeabilities at any measured point using the two-phase Darcy 
flow theory and the assumption of steady-state flow near the wellbore. This has 
been described in this chapter. 
Finally, in stage three, with the available velocity-dependent relative 
permeability data as a function of pressure, the two-phase pseudo-pressure is 
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calculated and can be utilised for other reservoir description and management 
purposes (e.g. analysis of nearby wells, analysis of two-phase production data). 
 
Figure 5.1—Workflow for the suggested methodology to calculate pressure profile 
and kr data, in addition to two-phase pseudo-pressure. 
5.4 Numerical Dispersion in the Pressure Derivative 
5.4.1 Introduction 
Initially, the calculated relative permeability data were suffering from large 
oscillations (Figure 5.2) which were attributed to the derivative nature of the 
calculation.  The source of the noise can be seen in a close-up look at the 
pressure versus radius profile (Figure 5.3) and is traced back to the pressure 
derivative data of the buildup tests. 
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Figure 5.2—Relative permeability versus radius away from the wellbore 
calculated analytically showing large oscillation. 
 
Figure 5.3—Close-up of the noise as seen in the calculated pressure versus radius 
profile. 
Significant attempts were dedicated to understanding the exact nature and 
propose a practically attractive way to remove this behaviour.  An extensive 
investigation including discussions with senior colleagues from the Heriot-Watt 
maths department concluded that such oscillations could be removed using 
various methods.  Initially, the well-defined polynomial trendline functions and 
the spline function were considered to be fitted to the pressure data which 
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would ensure smooth derivative.  However, this technique was found to be 
cumbersome as different fit functions were required for different cases.  
Therefore, other more practically attractive methods were sought to remove 
the oscillation to a satisfactory level, one of the methods considered was the 
smoothing tool that is available in most of the well test analysis software (e.g. 
Saphir, PanSystem).  In PanSystem, which was used for this work, the 
smoothing tool is based on the 3-point average technique (Bourdet et al. 1989)–
also known as moving average.  This technique, when properly applied, reveals 
more clearly the underlying trends.  However, one needs to be careful not to 
overdo it as it could distort the data beyond reality.  As an alternative 
smoothing technique, the fit-function can still be used for the pressure 
derivative with respect to distance.  It is shown here that using a fit-function 
would result in smoother relative permeability data, compared to using the 
built-in smoothing tool in the well test software.  However, as mentioned earlier, 
a unique function would be required for each case, which is not practical. 
The smoothing techniques can be used on either the pressure derivative data 
or on the pressure versus radius gradient depending on which data set to be 
used which will be discussed in more details in the following section.  In the 
end, it was found that the oscillations could be sufficiently removed by 
smoothing the pressure derivative. 
However, before presenting the results of applying different smoothing methods, 
the next section will explore where the noise is coming from and verify its 
potential causes. 
5.4.2 Noise Troubleshooting 
To investigate the source of the noise, first, single-phase oil data set was 
examined.  Figure 5.4 shows the pressure versus radius profile for the slightly 
compressible black-oil case, which should theoretically be more in-line with the 
method used to calculate the pressure profile.  That is, the simulation pressure 
profile should match the one calculated from well test data and the calculated 
pressure versus radius derivative should be smooth.  However, as noted in 
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Figure 5.4, there are some oscillations here too.  Similar oscillations are observed 
for the two-phase case without the inertia or coupling effects (i.e. VELDEP 
keyword was turned off in the numerical simulator) as seen in Figure 5.5.  
These results confirm that at least some parts of the fluctuation in the data 
presented earlier is coming from the numerical simulation process using the 
ECLIPSE commercial reservoir simulator.  In other words, the simplifying 
assumptions made, including two-phase flow nature of the data, which are not 
consistent with original derivation of the equations are not the only reason for 
such oscillations.  
 
Figure 5.4—Close-up of pressure versus radius profile showing data oscillation in 
the single-phase oil system. 
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Figure 5.5—Close up of pressure versus radius profile showing data oscillation in 
the two-phase gas-condensate system (rich) with no velocity effects. 
To remove any doubt over calculation-induced noise, the derivative calculation 
that was used in the analytical approach followed in this thesis was investigated 
by looking at the interpolation calculation step of the INDEX look-up function 
used in Excel.  INDEX function was used to return an interpolated value from 
an array of data.  The interpolation method was compared with a simple hand 
calculation and also with an interpolation code, and the results were the same.  
In other words, the look-up function in excel was not influencing the noise 
observed in the pressure profile. 
At this stage, in order to better understand the source of the noise, Saphir was 
used to re-generate the pressure data for the same black-oil system.  The use 
of Saphir here is to compare the effect of numerical calculation on the pressure 
data output from different software.  As shown in Figure 5.6 and Figure 5.7, 
the pressure versus shut-in time derivative obtained from Saphir is free from 
oscillation compared to that obtained from ECLIPSE.  The data generated in 
Saphir are based on the numerical modelling capability of this software.  It is 
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important to note that Saphir uses Voronoi gridding while ECLIPSE uses 
Cartesian gridding, which could explain part of the disagreement between these 
two sets of data. 
 
Figure 5.6—Pressure derivative for the data generated by Saphir for the buildup 
test in black-oil fluid system. 
 
Figure 5.7—Pressure derivative for the data generated by ECLIPSE for the black-
oil case, note the fluctuation at early time. 
To further investigate the gridding sensitivity, the area around the wellbore in 
ECLIPSE’s numerical model was adjusted to be as close as possible to the one 












Log-Log plot: p-p@dt=0 and derivative [psi] vs dt [hr]
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in Saphir, by introducing a theta value of 12.  The results from ECLIPSE still 
show the same data oscillation (Figure 5.8).  The sensitivity analysis for the 
number of grids and grid-block size in ECLIPSE numerical model was also 
carried out.  Different grid numbers were used varying from 40, 100, 500 to 
1000 grids.  In addition, a uniform gird-block size was considered versus the 
used logarithmically increasing grid-blocks.  All gridding techniques yielded the 
same results, with no significate influence on the outcome (Figure 5.9).  
Moreover, time-step discretisation was investigated, i.e. smaller and larger time 






























Figure 5.8—Comparison between Saphir numerical model versus ECLIPSE 
numerical model (with theta of 12 around the wellbore) with pressure derivate of 
the buildup showing oscillation in the ECLIPSE data. 












Log-Log plot: p-p@dt=0 and derivative [psi] vs dt [hr]
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Figure 5.9—Different grid-block sizes yield similar pressure derivative (overlaying 
each other) and data oscillation is still observed. 
The investigation above gives more weight to the claim that noise, at least for 
the single-phase black oil case, is coming from ECLIPSE’s numerical simulation.  
It should be noted that Saphir does not have the capabilities to generate two-
phase gas-condensate pressure data with inertia and coupling effects (e.g. like 
the VELDEP keyword in ECLIPSE).  Therefore, it was not suitable to be used 
for the purpose of this study. 
At this stage, it is more plausible that such noise is inherited in the numerically 
generated data and not from the analytical approach.  However, it has to be 
added the presence of such noise is an integral part of real data.  That is, it is 
also important to remember that in reality, there are other sources for noise, 
such as data filtration processes, gauge inaccuracies and malfunctions and tool 
sampling frequency, to name a few.  That means that the discussion here on 
tools to reduce data oscillation is useful to consider, regardless of the specific 
source of the noise presented in this thesis. 
Pressure (40 grids-blocks) 
Pressure Derivative  Pressure (100 grids-blocks) 
Pressure Derivative  
Pressure (500 grids-blocks) 
Pressure Derivative  
Pressure (1000 grids-blocks) 
Pressure Derivative  
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5.4.3 Excel Fit-Functions 
In order to reduce the data fluctuation, initially, trendline functions were used 
manually in Microsoft Excel to fit the data of the pressure versus radius, in 
order to remove any oscillation.  While this resulted in much improved overall 
results, it was not ideal for every case, and in many cases, multiple functions 
were required for one data set.  Furthermore, there was a discontinuity between 
multiple fits that translated into sudden jumps in the relative permeability 
data.  Although the polynomial trendline function did improve the results 
concerning oscillation compared to the original calculation, however, it induced 
a wave-like effect related to the nature of the polynomial function (Figure 
5.10).  Thus, it was concluded that the polynomial fit function is not a preferred 
choice. 
 
Figure 5.10—Calculated relative permeability showing the wave-like effect due to 
the use of polynomial trendline function to smoothen probe radius data. 
5.4.4 Complex Fit-Functions 
To overcome this, an advanced predictive modelling software, Eureqa (Figure 
5.11), was used which utilises a combination of mathematical functions to 
generate one equation that describes the data set.  For the results reported 
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here, this software has been used per case basis, and potentially, can be used 
to define one fit-function that fits all. 
 
Figure 5.11—Predictive modelling software Eureqa that can use various 
mathematical function as individual building blocks for the target combined 
expression. 
Given the anomaly seen from polynomial fit functions, the fitting requirement 
chosen for the software was set to adapt non-polynomial functions.  Three cases 
initially used this approach. 
For Case 1 the fit function obtained was: 
𝑅𝑎𝑑𝑖𝑢𝑠 = 0.568 + 375.72(.0U®	×	(	N.U)      (5.3) 
and for Case 2, 
𝑅𝑎𝑑𝑖𝑢𝑠 = 1.174	 × 	𝑒{
°P±²R.³
	°´µ´R.¤| − 3.715       (5.4) 
while for Case 3, 
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𝑅𝑎𝑑𝑖𝑢𝑠 = 5.36𝐸N × 	𝑒((0.·¸°¤³×(´)(U.¹ ¸°Rº×(¤»))    (5.5) 
where 𝑝 is pressure.  These functions would give a smoother pressure versus 
radius profiles (Figure 5.12) compared to Figure 5.3. 
 
Figure 5.12—Close-up of the pressure versus radius after smoothing using a 
Eureqa fit-function. 
Figure 5.13 shows a comparison between the originally calculated pressure 
versus radius profile, and the same pressure profile after smoothing using the 
fitted function.  The noise is not very obvious when the pressure versus radius 
profile is examined as a whole; except for the two points of fluctuation (the first 
at about 8 feet and the second at about 38 ft) both of which are artefacts 
reflected from the pseudo-pressure versus time derivative as seen in (Figure 2.9) 
that were ignored.  However, as a result of smoothing, the relative 
permeabilities data looks better overall (Figure 5.14). 
Chapter 5: Velocity-Dependent Two-Phase Relative Permeability from Well Test Data 
 81 
 
Figure 5.13—Pressure versus radius profile comparison between the original 
calculation and the smoothened data. 
 
Figure 5.14—Calculated relative permeability after using a smoothened pressure 
versus radius profile. 
The fitting functions obtained from Eureqa drastically enhanced the end-results 
of the relative permeability data with almost no oscillation compared to the 
earlier approach.  Initially, the exponential relationship of radius versus 
pressure of the form 𝑟 = 𝑓(𝑝) was used.  The results showed that the fit-function 
Smoothed Pressure Profile 
Original Pressure Profile 
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equations distinguishably varied for different datasets.  In other words, such a 
relationship makes it difficult to find a common form for the fit-function that 
can be used for different cases, which suggests the approach is unattractive 
especially for practical purposes.  To mitigate this issue, a logarithmic 
relationship of the form 𝑝 = 𝑓(𝑟) was tried.  The idea is that based on the form 
of the solution and background maths involved, it is easier to find a general 
form if pressure is expressed by a logarithmic relationship of the radius. Given 
this, the fit functions were redefined as follows: 
For Case 1, instead of having the exponential equation (Equation 5.3), the 
following logarithmic fit-function is obtained instead: 
𝑃𝑟𝑒𝑠𝑠𝑢𝑟𝑒 = 4989.96 + 165.08 × ln(𝑅𝑎𝑑𝑖𝑢𝑠) − 0.641 × (𝑅𝑎𝑑𝑖𝑢𝑠)  (5.6) 
Also, for Case 2, 
𝑃𝑟𝑒𝑠𝑠𝑢𝑟𝑒 = 4183.5 + 342.64 × ln(𝑅𝑎𝑑𝑖𝑢𝑠) − 3.9 × (𝑅𝑎𝑑𝑖𝑢𝑠)  (5.7) 
Also, for Case 3, 
𝑃𝑟𝑒𝑠𝑠𝑢𝑟𝑒 = 4930.63 + 69.16 × ln(𝑅𝑎𝑑𝑖𝑢𝑠) − 0.031 × (𝑅𝑎𝑑𝑖𝑢𝑠)  (5.8) 
In other words, it was possible to define the following common form for the fit-
function using the logarithmic relationship between pressure and radius data: 
𝑃𝑟𝑒𝑠𝑠𝑢𝑟𝑒 = a + (b × ln(𝑅𝑎𝑑𝑖𝑢𝑠)) − (𝑐 × (𝑅𝑎𝑑𝑖𝑢𝑠))     (5.9) 
where a, b and c are constants that change on a case basis. 
It is worth noting that these are not the only fit-functions that define the 
relationship between pressure and radius.  That is, different fit-functions with 
varying complexity can be obtained; however, the aim was to find one that is 
simple, common and yet sufficient for the purpose of the analysis. 
The calculated pressure and relative permeability data, using this new fit-
function forms, based on the proposed logarithmic relationship agree well with 
the pressure and relative permeability data output from the simulator for the 
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cases considered; Figure 5.15 shows one example.  The level of agreement 
with the numerical simulation relative permeability data is reasonable but 
understandably somewhat more inferior compared to using a more unique 
exponential fit-functions (Figure 5.14).  However, one fit function of the form 
described by Equation 5.9 that can describe the data in all the three cases is 
more practical. 
 
Figure 5.15—Calculated relative permeability using a logarithmic relationship of 
the form: 𝑃 = 𝑓À𝑟(Á compared to the numerical simulation output. 
This exercise has shown that it is possible to develop a common fit-function 
form making this approach more practically attractive; that is, the pressure 
versus radius profile for all the three cases can be fitted to Equation 5.9, with 
varying constants for each case (a, b, and c).  However, it needs further 
investigation and validation to optimise and generalise the sought functional 
form.  Another available and more practically attractive approach was 
investigated, which at this stage seems to be good enough for this work’s 
purpose.  The next section will discuss it in detail. 
5.4.5 Smoothing Tools in Pressure Transient Analysis Software 
Existing well testing software do not provide fit-functions tools like the ones 
presented earlier, which would make the concept of taking the dataset outside 
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of the software for just smoothing practically less attractive.  Hence, another 
option that is available and practically more attractive was considered. 
Both Pansystem and Saphir software (as the two most widely used package in 
the industry) have smoothing capabilities based on the 3-point central 
differentiation algorithm (Bourdet et al. 1989) that can heavily, but not 
entirely, reduce the noise.  It is important to note that Saphir currently cannot 
handle two-phase gas-condensate system or to calculate two-phase pseudo-
pressure data.  For that purpose, Pansystem is relied on to analyse the pressure 
data presented in this thesis.  The smoothing tool in Pansystem enables the 
user to directly smooth the pressure versus shut-in time derivative which 
integrates very well with the workflow in this study. 
In order to evaluate its effectiveness, Case 3 is taken as an example with 
smoothing constant value of 2.0 applied to its pressure derivative.  As shown 
in Figure 5.16, the resultant derivative, in comparison to the original data 
with the default smoothing constant value of 0.07, is smoother. 
  
Figure 5.16—(a) Well test pressure derivative for Case 3 with a smoothing 
constant of 2.0 and (b) with the default smoothing of 0.07. 
This in return has significantly reduced the oscillation seen in the calculated 
relative permeability data (Figure 5.17).  It seems that the level of smoothness 
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Figure 5.17—Relative permeability data calculated by analysing well test buildup 
versus the numerical simulation output (a) after applying the smoothing factor, 
and (b) without any smoothing factor applied to the pressure derivative. 
It should be noted that users are advised not to use high values for smoothing 
constants in order not to distort the shape of the derivative. Thus, such tools 
might have some limitations regarding of how much the user should smoothen 
the data.  These suggest that there would be added value in using the fit 
function described earlier not only because the fit function completely removes 
the oscillations but also because in some cases the smoothing option might not 
sufficiently remove such oscillations. However, the practical attractiveness of 
using smoothing tools available in well test software will make their application 
more desirable. 
5.4.6 Fit Function Versus Built-in Smoothing Tools 
Figure 5.18 shows a comparison between 𝑘"3 data from the numerical 
simulation and the analytically calculated 𝑘"3 data without any smoothing, 
with fit function and with PanSystem based smoothing techniques. 
(a) (b) 
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Figure 5.18—Comparison between simulation kr output data and those using 
different types of smoothing techniques and the one without smoothing. 
These data highlight the need for smoothing which is best achieved using a fit 
function, although the PanSystem based smoothing technique also gives 
acceptable results.  It should be noted that fit-function is applied to the pressure 
versus radius profiles, while PanSystem smoothing technique is applied to the 
pressure versus shut-in time derivative.  Hence, hereafter in this thesis, the 
results of the relative permeability data are presented only after a smoothing 
technique is applied to the pressure versus radius derivative data.  Both 
techniques were used in the next section; a unique fit-function was applied for 
two cases of the single constant-rate scenarios and the PanSystem built-in 
smoothing function was used for the other two cases of single-rate in addition 
to the multi-rate scenarios that will be presented in Chapter 6. 
5.5 Results 
In the discussion of results below, the analytically calculated relative 
permeabilities data are compared to the numerical simulation output to verify 
whether the suggested method produces reasonable results.  The approximation 
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from the numerical simulation data, which in most cases does not exceed a 
maximum of ±0.1 for both 𝑘"3 and 𝑘"4.  Eventually, the results were further 
validated when two-phase production data analysis (as will be discussed in 
Chapter 7) produced accurate formation permeability estimation using the 
calculated relative permeabilities presented in this chapter.  
5.5.1 Analytical Calculation of Relative Permeability 
The same four cases that were discussed in 4.6.2 were used in this section.  In 
all the cases, reservoir Model 1 was used, except for Case 4 with a higher 
permeability, where Model 2 was used with a bigger reservoir radius (Table 
3.1).  Table 5.1 summarises the four cases with the indication of the smoothing 
technique used for each. 
Case  Rock Smoothing Technique 
Case 1 RC1 Fit-function 
Case 2 RC1 Fit-function 
Case 3 RC6 PanSystem* 
Case 4 RC8 PanSystem* 
* Based on the moving average method. 
Table 5.1—Smoothing technique used for the considered single-rate two-phase 
gas-condensate cases. 
With the smoothened pressure versus radius profiles, Equations 5.1 and 5.2 
were used to calculate the gas and oil relative permeability, respectively.  The 
calculated relative permeability versus radius data for Case 1 is compared with 
relative permeability data output from the numerical simulation as shown in 
Figure 5.19. In this case, the relative permeability data does not match very 
well but the trends are similar, and the calculated relative permeability data 
indicate the formation of a condensate bank up to about 6 ft from the wellbore 
which agrees closely with the pressure profile and the simulation output data. 
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Figure 5.19—Analytically calculated relative permeability versus radius compared 
to relative permeability data output from the numerical simulation for Case 1. 
For Cases 2, 3 and 4 (Figure 5.20, Figure 5.21 and Figure 5.22, respectively) 
the calculated 𝑘"3 data are very close to the 𝑘"3 data output from the numerical 
simulation.  While 𝑘"4  is slightly off-match, it still follows a good trend.  The 
results compared to Case 1 are considerably better.  The extent of the 
condensate bank differs in each case.  For Case 2 it covers approximately 43 ft 
around the well, while in Case 3 it goes up to 196 ft and for Case 4 it is 
approximately 187 ft, which, as for Case 1, all agree with the corresponding 
condensate bank radius values from the pressure versus radius profile and 
simulation output data.   Table 5.2 shows a summary of the condensate bank 
radius values obtained from the relative permeability versus radius profile along 
with the ones estimated from the calculated pressure versus radius profile, and 
the ones estimated from the numerical simulation grid block, which might be 
slightly inaccurate when the grid block size is large. 
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Case 






radius when krg>0 
Case 1 6 6 6 
Case 2 43 43 54 
Case 3 196 196 183 
Case 4 187 187 168 
Table 5.2—Condensate extent in the reservoir, estimated from the pressure versus 
radius, calculated relative permeability versus radius and those output from the 
simulator. 
 
Figure 5.20—Analytically calculated relative permeability versus radius compared 
to relative permeability data output from the numerical simulation for Case 2. 
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Figure 5.21—Analytically calculated relative permeability versus radius compared 
to relative permeability data output from the numerical simulation for Case 3. 
 
Figure 5.22—Analytically calculated relative permeability versus radius compared 
to relative permeability data output from the numerical simulation for Case 4. 
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It can be observed that when PanSystem’s built-in smoothing tool is used, as 
in Case 3 and 4, it could result in some minor fluctuations compared to the fit-
function smoothing technique but still the level of agreement is acceptable. 
For the purposes of this work, the yielded relative permeability results, even 
for Case 1, are sufficient to carry on the two-phase approach.  As it will be 
shown, the calculated relative permeability data above are used in two-phase 
production analysis technique (Chapter 7) and produced good results in terms 
of production decline type-curve match and formation permeability estimation.  
Furthermore, the obtained relative permeability data can be used for other 
reservoir engineering calculations.  It is important to keep in mind that the 
exercises described here have been performed for a rich fluid system with the 
most considerable extent of two-phase contribution (as an extreme case), i.e. 
the method should work for leaner fluids. 
5.5.2 Two-Phase Pseudo-Pressure 
The relative permeability data analytically calculated here are a function of 
pressure and not saturation.  This is unlike what is presented in the literature, 
where lab-based relative permeability used to analyse two-phase problem is a 
function of saturation.  As mentioned earlier in section 2.2.5, in order to use 
the relative permeability as a function of saturation, a correlation between 
relative permeability and pressure is established by utilising the steady-state 
relationship (Equation 5.10) as presented in Jones and Raghavan (1988) work, 





           (5.10) 
However, for pseudo pressure calculation, saturation data are not required.  
That is, the relative permeability required for the two-phase pseudo-pressure 
computation is a function of pressure.  Hence, once relative permeability data 
are computed from well test data as a function of pressure, the two-phase 
pseudo-pressure can be calculated based on the Jones and Raghavan (1988) 
definition of the pseudo-pressure: 
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which in turn could be used to improve data analysis using two-phase concepts, 
as will be shown in Chapter 7 with production data analysis. 
5.6 Challenges and Limitations 
In this section, the applicability of the proposed method of calculating pressure 
versus radius profile and relative permeability is examined when certain 
challenges are present in the well test data.  First, in 5.5.1, one of the most 
common phenomena, wellbore storage, is discussed and a case is analysed to 
showcase the implications of having such a distortion of data.  In the second 
part, 5.5.2 below, the applicability of the method on horizontal wells are 
discussed, and the limitation is explained concerning the nature of the flow 
equation combined with data availability and complex flow geometry that are 
present in horizontal wells. 
5.6.1 Wellbore Storage 
In practice, well test data quality may face challenges that can distort the data, 
as discussed in section 5.4.2, or ones that can mask the formation response data 
as in the case of wellbore storage (WBS).  WBS occurs when the valve is not 
in front of sandface and the total outflow is a summation of formation outflow 
and flow due to compressibility of the fluid from the sandface to the valve 
position. It should be noted that the objective is to analyse the reservoir 
response and not what happens within the wellbore. WBS is one of the main 
data disturbances that could occur in well test data analysis.  It appears in the 
pressure derivative in the early time data as a unit slope, representing pure 
WBS, followed by a hump that represents a transition zone where both wellbore 
and reservoir flow are present.  This signature can mask the true reservoir early-
time data and sometimes a portion or all of the following middle-time data 
which could make analysing the well test pressure data challenging. 
Chapter 5: Velocity-Dependent Two-Phase Relative Permeability from Well Test Data 
 93 
To test how the proposed method works in such conditions, a wellbore volume 
was introduced in one case to simulate the WBS effect.  In this simulation, the 
reservoir had the same rock and fluid properties as those used for Case 3 (RC6 
rock).  Initially, a case was constructed that WBS does not significantly affect 
the well test data analysis. For this case, the wellbore volume was calculated 
to be around 2857 ft3 based on the wellbore storage coefficient of 0.2.  Figure 
5.23 shows the pressure derivative with the WBS effect.  Note that when the 
WBS effect dissipates–roughly around 1 hour, the condensate bank region 
(region-1) can be observed followed by the single-phase, dry gas, region (region-
2) after roughly 10 hours. 
 
Figure 5.23—Pressure derivative with the WBS effect scenario for Case 3. 
Following this, to evaluate the effectiveness of the procedure, the test 
parameters were changed. It should be noted that unless both regions are 
apparent on the pressure derivative (as seen in Figure 5.23), the data analysis 
can be uncertain or misleading. Here two scenarios were considered; in the first 
scenario, it is assumed the two-phase region is partially masked and the plateau 
observed corresponds to the two-phase region with not long enough test 
duration to see the single-phase region signature.  In the second scenario, it is 
assumed that the WBS completely masks the condensate bank region and the 
observed plateau is related to the single-phase region (Figure 5.24).  In other 
WBS response 
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words, in the latter case, only one single pressure derivative plateau is visible, 
assuming, as in reality, it was unknown if this single plateau was related to 
two-phase gas and condensate (i.e. condensate bank effect) or single-phase dry 
gas.   
 
Figure 5.24—Pressure derivative for the shorter version of Case 3 WBS scenario.  
The main aim is to show that the suggested procedure would give a reasonable 
result for the first scenario, where the pressure derivative plateau corresponds 
to the condensate bank.  The second scenario is addressed later in another 
exercise. 
Figure 5.24 shows the shorter test duration for Case 3 with the WBS effect.  In 
this scenario, the WBS effect is apparent followed by a single plateau in the 
pressure derivative.  The permeability obtained from this pressure derivative 
plateau, without using any correction that could be obtained following the 
suggested procedure, is equal to around 17.1 mD (27.5% less than input 
permeability of 23.6 mD).  Before the data to be analysed using the proposed 
method, a smoothing technique was applied to the pressure derivative, with a 
smoothing constant of 1.8 (Figure 5.25). 
 
17.1 mD 
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Figure 5.25—Pressure derivative for the shorter test duration of Case 3 WBS 
scenario, with smoothing constant value of 1.8 applied in PanSystem. 
Using these pressure derivative data, the pressure versus radius profile and in 
return, the corresponding relative permeability data were calculated, as shown 
in Figure 5.26 and Figure 5.27 respectively.  In this part of the calculation, 
the data points coming from pure WBS were ignored in the pressure derivative 
data and its pressure versus radius gradient.  As they only reflect the wellbore 
fluid expansion response which will not give consistent and representative 
results.  As can be seen in Figure 5.27 the noise has not been completely 
eliminated using the smoothing technique in Pansystem.  However, as will be 
shown next, the applied smoothing constant and resultant relative permeability 
data are good enough to improve the well test pressure derivative.  That is, 
these relative permeability data were then used to calculate the two-phase 
pseudo-pressures and re-analyse the well test data. 
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Figure 5.26—Pressure versus radius profile calculated from well test data for Case 
3 with WBS. 
 
Figure 5.27—Calculated kr data for Case 3 with WBS. The very early data 
attributing to pure WBS was omitted. 
As noted in Figure 5.28, the pressure derivative, after correction, gives a value 
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23.4 mD, compared to the previous value of 17.1 mD obtained with a simple 
single-phase based well test analysis shown in Figure 5.25.  It is clear from 
Figure 5.29 (which is an overlay of the data of Figure 5.25 and Figure 5.28) 
that the derivative plateau has been lowered (corrected) and the permeability 
value obtained has improved. 
Figure 5.30 shows a comparison between the new improved pressure 
derivative and the pressure derivative for the more extended test duration data 
set, where both region-1 and region-2 exist.  Here, it can be clearly observed 
that the corrected condensate bank region (region-1) in this case with WBS 
gave a permeability value similar to that obtained from the single-phase gas 
region (region-2) for the case without WBS. 
 
Figure 5.28—Pressure derivative for the shorter version of Case 3 WBS scenario, 
after using the calculated two-phase pseudo-pressure which has corrected the 
condensate bank plateau to give permeability of 21.2 mD. 
21.2 mD 
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Figure 5.29—Comparison between single-phase pseudo-pressure derivative (in 
pink for the derivative and brown for D𝑝(), and two-phase pseudo-pressure 
derivative (in blue for the derivative and red for D𝑝(). 
 
Figure 5.30—Comparison between the new improved pressure derivative for the 
short WT using the two-phase pseudo-pressure data (in blue for the derivative 
and red for D𝑝() and the original pressure derivative for the whole data set, where 





Chapter 5: Velocity-Dependent Two-Phase Relative Permeability from Well Test Data 
 99 
To address the second scenario, the case was set-up where the single-phase 
plateau was also present.  The idea was to make sure that the procedure only 
improves the condensate bank region, and not the single-phase region.  In other 
words, when the two-phase pseudo-pressure that is calculated based on the 
relative permeability data are used to re-analyse the well test data, only the 
condensate bank plateau change to give a value close to absolute permeability, 
while the second plateau remains the same (Figure 5.31).  This indicates that 
a second plateau is still representing the single-phase region which gives the 
absolute reservoir permeability.  In addition, it will ensure that when only the 
single-phase region is observed, due to WBS masking condensate bank, the 
obtained permeability would not be overestimated.  This also confirms that the 
suggested method works for cases where only a single-phase region plateau is 
present. 
 
Figure 5.31—Comparison between the new improved pressure derivative using the 
two-phase pseudo-pressure data on a more extended test scenario for Case 3 (in 
pink for the derivative and brown for D𝑝(), and the original pressure derivative 
for the whole data set (in blue for the derivative and red for D𝑝(). Notice that 
only the condensate bank region was corrected. 
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The findings of these exercises confirm that in the case where WBS effect masks 
portion of the well test data, the approach could prove very beneficial by 
providing the absolute reservoir permeability from any of the two regions–
region-1, or region-2.   
These exercises showcase the challenges posed by the quality of the well test 
data.  That is, if WBS is more severe, even less useful data points can be used 
to compute the pressure versus radius profile and relative permeability 
analytically from well test data.  In general, avoiding WBS related issues is 
recommended by using downhole shut-in valves and gauges, instead of a surface 
shut-in system. 
5.6.2 Limitation in Horizontal Wells Application 
Horizontal wells have gained popularity in the past 30 years.  There are many 
types of reservoirs where the benefits of horizontal drilling outweigh the benefits 
of a vertical well (e.g. reservoirs with thin reservoir layers, or with high vertical 
permeability, or vertical fractures, and reservoirs where water coning or gas cap 
can be an issue).  However, horizontal wells are also costly, technically more 
challenging to operate, and require more sophisticated completion to maximise 
its benefits.  
Due to the geometry characteristic of a horizontal well, various flow regimes 
occur in the pressure transient data (Figure 5.32) making it much more 
complicated to interpret.  Solution models for horizontal well are available to 
diagnose and analyse the well test data. 
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Figure 5.32—Pressure derivative of a typical horizontal well, showing three 
distinctive flow regimes. 
Horizontal well flow regimes typically consist of an early radial, early linear 
flow and pseudo-radial flow (Figure 5.33).  The early radial flow is similar to 
the radial flow of a vertical well; that is the flow is going towards the wellbore 
length in a radial direction.  In the horizontal well case, however, the flow is 
covering the horizontal and vertical planes, in other words, it is flowing in the 
𝑥 and 𝑦 direction, where both the vertical permeability (𝑘t) and horizontal 
permeability (𝑘) governs the flow.  As a result, one of the main parameters 
that can be estimated from this early radial flow is average horizontal and 
vertical permeability, or 𝑘xÃ", which is defined as, 
𝑘xÃ" = Ä𝑘𝑘t           (5.12) 
Area of interest 
(around the wellbore) 
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Figure 5.33—Flow regimes due to geometry for a horizontal well (Bourdet, 2002). 
If the length of the horizontal well is much higher than the formation thickness, 
the linear flow regime may develop after the top and bottom boundaries have 
been felt.  The linear flow can be used to estimate the effective horizontal 
section 𝐿L and the furthest distance to a vertical boundary, 𝐷\.  Most 
importantly, is the late pseudo-radial flow regime, which represents the radial 
flow through the horizontal plane towards the well.  The pseudo-radial flow 
occurs when the effect of the horizontal length on the overall flow diminishes 
to the point where the well can be assumed to represent a single point.  From 
this late flow regime, the formation horizontal permeability, 𝑘, can be 
determined. 
In this thesis’s work and the context of two-phase flow (gas and condensate) 
around the wellbore, the near wellbore area is the area of interest, where the 
early radial flow regime occurs.  The applicability of the suggested method 
would rely on the availability of  𝑘t along with 𝑘 in order to computer 𝑘xÃ".  
However, as it has been shown in 5.6.1 above, since the solution relies on a 
specific segment of the pressure derivative data (which corresponds to the early 
radial flow in this case), the calculated relative permeability data will be limited 
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to that specific range of data, which ultimately constrain the use of such data.  
In other words, if 𝑘t and 𝑘 are available, the relative permeability as a function 
of pressure can be calculated for the pressure range corresponding to the early 
radial flow, but that could be of limited use. 
To showcase such a scenario, a reservoir model was constructed using a 
Cartesian model, instead of a radial model, with local grid refinement (LGR) 
around the horizontal well (Figure 5.34).  Several gridding sensitivities were 
investigated, and it has been found that the grid-block size in the vertical 
direction needed to be smaller than one foot to accurately capture the vertical 
permeability in the simulated well test data. 
 
Figure 5.34—Cartesian reservoir model with LGR around the horizontal well. 
In the vertical well scenario, the radial flow capacity is represented by 𝑘ℎ, 
whereas in the horizontal scenario, 𝑘xÃ"𝐿L represent the flow capacity in the 
radial direction around the wellbore, where 𝐿Æ represent the length of the 
horizontal segment of the well.  As a result, for the horizontal well case, the 
mobility equation (Equation 4.6) would change to, 





           (5.13) 
where the thickness along the vertical well segment, ℎ, is replaced by the length 
of the horizontal well segment, 𝐿Æ.  Subsequently, the relative permeability 
equations for gas and condensate (Equations 5.1, and 5.2, respectively) would 
















         (5.15) 
A case was designed with a horizontal well of 900 feet set in the middle of the 
reservoir thickness.  The vertical permeability, 𝑘t was set at 0.1 ∙ 𝑘, which is 
equal to 2.34 mD (for the 23.6 mD RC6 rock).  The well test was then simulated 
and analysed.  Figure 5.35 shows the pressure derivative exhibiting the main 
three flow regimes.  It is apparent that the condensate development affected 
the early radial flow regime, as the vertical permeability obtained from the 
analysis is 1 mD (57% less than actual value). 
 
Figure 5.35—Pressure derivative of a simulated horizontal well. 
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The pressure derivative from well test data in the early radial flow is then used 
to calculate pressure versus radius and its gradient to compute relative 
permeability data using Equations 5.14 and 5.15 (Figure 5.36).  The data 
points in Figure 5.36 were not compared with the output from the numerical 
simulation due to the Cartesian model and local grid refinements (LGR), 
required for the horizontal well model, that were used in this exercise.  The 
ability to export relative permeability data points versus radial distance is not 
straightforward as in the radial model used in the previous exercises.  However, 
the point of this example is to showcase the limitation in horizontal well 
applications, regardless of how close the results are to the numerical simulation 
output in this particular scenario. 
 
Figure 5.36—Analytically calculated relative permeability versus radius calculated 
from the early-radial flow in the well test data of a horizontal well.  
As discussed above, only the early radial segment of the pressure derivative 
data can be used to compute the relative permeability, with uncertainty in the 
availability of 𝑘t, to compute 𝑘xÃ", the results show that such application can 
be of a limited use.  In addition, the calculated relative permeability cannot be 
related to reservoir radial distance, since it is calculated from the early radial 
flow regime which corresponds to the radial flow around the horizontal section, 
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to early-radial flow 
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5.7 Conclusion 
This study evaluates the possibility of obtaining, analytically, relative 
permeability data affected by pressure and velocity assuming Darcy’s law.  The 
approach uses the pressure derivative with respect to distance obtained from 
the pressure versus radius profile, which in turn obtained from the pressure 
versus time during a well test operation.  The calculations were verified by 
comparing the results with the output from a numerical simulation based on a 
single-layer single-well radial reservoir model. The results show adequate 
approximated results for analysis and engineering purposes and provides 
excellent insight of the two-phase flow conditions. 
The calculated relative permeability data, in addition to two-phase pseudo-
pressure calculations, could potentially have other applications such as tuning 
or verification of reservoir simulation results during a history matching process 
and when there is uncertainty in the input relative permeability data.  This 
application is particularly important for the near wellbore velocity-dependent 
relative permeability values. These relative permeability data can be predicted 
by the simulator using the correlations which require core specific constants.  
However, these core specific constants are either unknown or need to be 
determined using demanding and costly experimentally measured data. 
Below is a summary of the main findings of this chapter. 
• Velocity-dependent relative permeabilities data can be calculated 
analytically from the well test data. The approach uses the pressure 
versus radius gradient obtained from the pressure versus radius profile, 
which in turn obtained from the pressure versus time during a well test 
operation. 
• The analytical calculation of relative permeability using the approach 
described is a good approximation to the results expected from numerical 
simulation. 
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• The calculation of relative permeability relies on the proper smoothing of 
pressure derivative data which are liable to oscillate.  Two main methods 
were described in this chapter.  Using a fit function gives smoother data 
but using the built-in smoothing tools (e.g. PanSystem’s) is more 
practical. 
• Further sensitivity analysis investigation showed that at least some part 
of the data oscillation was generated from ECLIPSE numerical 
calculation, as the use of a different software to generate the data (e.g. 
Saphir) minimised the level of noise observed in the pressure versus shut-
in time derivative for the single-phase black oil case.  
• Although Saphir numerical model does not generate the same level of data 
oscillations, it lacks the capabilities required by the proposed method in 
this thesis.  Specifically, its simulation option cannot generate two-phase 
gas-condensate pressure data with inertia and coupling effects, as done 
by ECLIPSE. 
• It was shown that for the case considered, the available smoothing tool in 
PanSystem software is sufficient to carry on with the proposed 
techniques.  These tools may not always be able to completely remove 
the oscillations, something which is done by the use of fit functions but 
are practically more attractive. 
• When smoothing techniques that are available in well test software do not 
give good results, fit function techniques can be a desirable alternative 
method. 
• Once relative permeability data as a function of pressure become available, 
two-phase pseudo-pressure can be calculated and utilised for any two-
phase data analysis, such as production analysis (as will be described in 
Chapter 7). 
• Series of simulations were repeated albeit with WBS. The results show 
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that the applicability of the proposed method is reliant on good well test 
pressure transient data that represent a radial flow.  Effects such as WBS 
can minimise the data range of obtainable results. 
• It has been shown that the procedure has a limited use in horizontal wells, 
where complex flow geometry influences the pressure transient data and 




 Pressure Profile and Relative 
Permeability in Multi-Rate 
Testing 
6.1 Introduction 
In this chapter, an investigation is carried out into how the proposed method 
of calculating pressure profile and velocity-dependent relative permeability 
would respond in multi-rate test conditions (shorter test durations, and variable 
flow rates); with the aim of understanding the impact of multi-rate test 
parameters.  This would help in the design of such tests in gas-condensate 
reservoirs, if the relative permeability calculation method, presented in Chapter 
5, is to be used.  However, first, and for clarification purposes, a brief description 
of key characteristics of multi-rate tests in gas reservoirs is given. This includes 
the benefits of this application and a summary of the past work that has been 
done in this area as part of the Gas Condensate Recovery team (HWU-GCR).  
Then, the model setup and design of the numerical simulations used to generate 
pressure versus data from the multi-rate scenarios required to calculate relative 
permeability following the proposed procedure are discussed, with the results 
of two different multi-rate scenarios presented at the end. 
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6.1.1 Multi-Rate Testing Background 
Multi-rate testing is an important tool in gas reservoir engineering; it is 
commonly used to measure well production capabilities under specific 
conditions of reservoir and bottomhole flowing pressures and gas flowing rates. 
One of the most common productivity indicators obtained from such tests is 
the absolute open-flow, which is the maximum rate the well could flow.  
Another indicator is the reservoir inflow performance curve, which describes 
the relationship between surface production rate and bottomhole pressure.  The 
inflow performance curves can be used to evaluate the well’s deliverability 
potential under a verity of surface conditions, and as a production forecasting 
tool as well. 
Several types of multi-rate test are used, the most common are step-rate, 
isochronal and modified isochronal tests.  A step-rate test is conducted by 
producing the well at a series of different stabilised flow rates before shutting 
it in for a buildup test (Figure 6.1).  It compromises of multiple drawdowns 
tests with varying constant rates followed by a single buildup at the end.  The 
main aspect of this test is that it does not have intermediate shut-in periods 
between the flowing periods. 
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Figure 6.1—An example of the step-rate multi-rate test scheme. 
An isochronal test is used to shorten test times in gas wells that take a long 
time to achieve stabilised rates.  In an isochronal test, the well is flowing for 
equal periods of time at several different rates with intermediate buildup 
periods after each drawdown (Figure 6.2).  The buildup periods are long 
enough allowing the pressure to build to the average reservoir pressure before 
the next flowing period starts.  The idea in this method is that the formation 
pressure drop will be proportional to the production rate.  It is based on the 
idea that the radius of investigation established during the flowing period is not 
a function of the flow rate, but a function of time.  Hence, each flowing period, 
at different flow rates, are associated with the same drainage radius, which 
makes the data from each test period comparable with each other.  That is, the 
pressure transient propagation in all the test duration is the same, and only 
flow rate is different.  This type of test is used to estimate stabilised 
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deliverability characteristics without actually flowing the well for the time 
required to reach stabilisation.  The isochronal test is more practical since less 
time is required to build up to reservoir pressure after short flow periods than 
to reach stabilised flow in a step-rate test. 
 
Figure 6.2—An example of the isochronal multi-rate test scheme. 
The modified isochronal test is the same except that the drawdown and buildup 
periods have the same duration (Figure 6.3).  The advantage of the modified 
isochronal test is that it requires shorter buildup test periods to obtain the same 
data as in the isochronal test.  However, in this type of test, due to the equal 
and short durations of the shut-in periods, the pressure does not build up to 
average reservoir pressure after each flow period.  Hence, the trade-off is that 
the modified isochronal test is generally less accurate than the isochronal test 
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because the duration of the buildup is shorter but as the duration of the buildup 
test increases, the accuracy of the modified isochronal test increases. 
In any multi-rate test, the rate sequence can either have a forward scheme 
(flowing rate values increase with time), or backward scheme (the flowing rate 
values decrease with time). 
 
Figure 6.3—An example of the modified isochronal multi-rate test scheme. 
6.1.2 Benefits 
In the method that was proposed earlier in Chapter 5, velocity-dependent 
relative permeability could be analytically calculated for the test periods for 
which the pressure profile is generated.  Here the main aim is to verify if the 
method works for multi-rate tests.  In the first instance, calculating pressure 
versus radius profiles from well test data for a multi-rate test can give an insight 
into the pressure values at different radial distances at different rate values.  
Additionally, as a result of this exercise, different sets of relative permeability 
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data could be obtained at different flow rates.  This is achieved by calculating 
relative permeability from multi-rate well test data, then compare the results 
with the numerical simulation output (taken into consideration velocity 
effects). 
Another benefit of having relative permeability data calculated analytically at 
different rates from multi-rate tests is that they can potentially be used in a 
multi-regression package to generate core exponents of the correlations 
available in the literature and major reservoir simulators for expressing the 
coupling and inertial effects (e.g. VELDEP keyword in ECLIPSE).   Currently, 
expensive and demanding lab-based measurements of different relative 
permeability curves at different flow rates are performed for simulation 
purposes.  This approach will provide such data analytically. 
6.1.3 Previous Work for Skin Estimation 
The HWU-GCR team previously looked into multi-rate analysis using both 
step-rate and modified isochronal tests, with forward and backward schemes, 
albeit to some extent.  Analysing the simulated well test data and comparing 
the two-phase skin, based on single-phase pseudo-pressure technique, it was 
noted that an increasing rate scheme is more consistent with skin estimation.  
That is, regardless of the flowing rate values, a low rate forward sequence (e.g. 
5, 10 and 15MM scf/d) or a high rate forward sequence (e.g. 15, 30, 40MM 
scf/d), the same two-phase skin value for a specific flow rate was obtained. 
However, in the backward scheme, overestimation and inconsistencies of the 
two-phase skin value were observed. 
The backward scheme is arguably more practical and more desired for 
operational reasons, such as if liquid hold-up in the production string is a 
problem, or if hydrate formation is probable, or for reasons like clean-up or 
sweeping out of water and mud from near wellbore region.  Therefore, it was 
essential to further investigate the impact of the rate sequence especially in the 
context of using the proposed approach to calculate velocity-dependent relative 
permeability analytically. 
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In this thesis, the results show that there is no real preference on the type of 
flow rate scheme.  That is, both forward and backward gave good results in 
terms of pressure versus radius profile and relative permeability.  In fact, the 
results in section 6.3.2 show that backward scheme gave more consistent 
relative permeability data, which makes the “forward” scheme recommendation 
above specific to skin estimation rather than a general recommendation for 
multi-rate tests. 
6.2 Model and Design 
For this part of the work, synthetic data from the numerical simulations were 
used.  The reservoir setup is similar to that used for the earlier constant-rate 
cases; reservoir Model 1 (Table 3.1).  The same binary rich gas condensate fluid 
of C1 and C10 was considered (Table 3.7) using RC6 rock properties (Table 
3.2).  In this work, the isochronal tests were used for their ability to obtain 
buildup data after each flow rate, and for their accuracy as they have longer 
buildup periods compared to the modified-isochronal tests.  Both forward 
(section 6.3.1) and backward (section 6.3.2) schemes were simulated and 
analysed. 
The multi-rate test cases discussed below are designed to have a short duration–
e.g. 50 hours for the whole test sequence (Table 6.1).  The primary criterion for 
the duration of the drawdown is that they are short but long enough to go 
below the dew point, thus, the system allows the formation of condensate, and 
two-phase flow takes place around the wellbore under different gas flow rates.  
For the buildup periods, the duration is short as well, and the objective is to 
acquire enough well test data to understand the flow behaviour near the 
wellbore, which is the region where the coupling and inertia velocity effects are 
most important. 
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1 Isochronal Forward 30, 40, 50 5/5, 5/10, 5/20 
2 Isochronal Backward 50, 40, 30 5/5, 5/10, 5/20 
Table 6.1—Multi-rate sequence and test duration configurations for the two 
considered cases. 
6.3 Results 
To reiterate, as discussed in section 5.5 above, that in the discussion of the 
analytically calculated relative permeabilities results below.  The determination 
of having satisfactory results or a match are based on the comparison with the 
numerical simulation output where a maximum of ±0.1 margin of error is 
observed for both 𝑘"3 and 𝑘"4.   
6.3.1 Isochronal Forward Scheme 
First, the isochronal forward multi-rate test is considered, referred to as Case 
1.  A simple three drawdowns and three buildups were designed as following: 
for each drawdown period, the production time is 5 hours, each followed by a 
buildup period of 5, 10, and 20 hours respectively (Figure 6.4). The production 
rate sequence for this set up is 30, 40 and 50 MMscf/D, respectively (Table 
6.1).  In all the three drawdown sequences, the pressure around the wellbore 
dropped below the dew point pressure. 
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Figure 6.4—Case 1 Isochronal forward test design, pressure versus time, and rate 
schedule. 
Pressure versus radius profiles for all the three buildup periods are calculated 
using the method described in Chapter 4 (Figure 6.5, Figure 6.6, and Figure 
6.7).  They all show a good agreement with the pressure versus radius profile 
from the numerical simulations.  This proves the validity of using the probe 
radius concept to obtain pressure versus radius profile even for a multi-rate test 
scenario. 
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Figure 6.5—Comparison of pressure versus radius profile with the output from 
the numerical simulation for BU1, Case 1. 
 
Figure 6.6—Comparison of pressure versus radius profile with the output from 
the numerical simulation for BU2, Case 1. 
Chapter 6: Pressure Profile and Relative Permeability in Multi-Rate Testing 
 119 
 
Figure 6.7—Comparison of pressure versus radius profile with the output from 
the numerical simulation for BU3, Case 1. 
The relative permeability data were then calculated analytically using the 
pressure gradient for the first buildup.  As shown in Figure 6.8, even when 
the test duration is short (5 hours) the calculated relative permeability data 
show a good trend.  Following the same approach, the calculated relative 
permeability data for the second and third buildups are shown in Figure 6.9 
and Figure 6.10, respectively. 
The overall trends in the relative permeability calculation for all the three 
buildup sequences show good matches with the relative permeability output 
from the numerical simulations.  The relative permeability match in the second 
(Figure 6.9) and third (Figure 6.10) buildup are better than the first buildup 
(Figure 6.8).  However, the discrepancy in the 𝑘"4 in terms of condensate bank 
extent from the third buildup (Figure 6.10) seems to be more pronounced 
compared to the first and second buildup (Figure 6.8 and Figure 6.9).  Initially, 
it was suspected that the order or the magnitude of the rate sequence might be 
the cause of such a trend (i.e. forward versus backward schemes).  Therefore, 
Chapter 6: Pressure Profile and Relative Permeability in Multi-Rate Testing 
 120 
this was further investigated by analysing the same rate values but using a 
backward scheme instead as discussed next. 
 
Figure 6.8—Analytically calculated relative permeability compared to output 
from the numerical simulation for BU1, Case 1. 
 
Figure 6.9—Analytically calculated relative permeability compared to output 
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Figure 6.10—Analytically calculated relative permeability compared to output 
from the numerical simulation for BU3, Case 1. 
6.3.2 Isochronal Backward Scheme 
Case 2 was set up using a backward scheme with the same rate values but in 
the reverse order (Table 6.1).  Gas flow rates values of 50, 40, and 30 MMscf/D 
were used for the first, second and third drawdown, respectively (Figure 6.11). 
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The pressure versus radius profiles are calculated for the three consecutive 
buildups and plotted in Figure 6.12, Figure 6.13 and Figure 6.14, 
respectively.  In all the three pressure profiles, they show the same level of 
agreement compared to the numerical simulation output; similar to the results 
of the forward sequence test. 
 
Figure 6.12—Comparison of pressure versus radius profile with the output from 
the numerical simulation for BU1, Case 2. 
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Figure 6.13—Comparison of pressure versus radius profile with the output from 
the numerical simulation for BU2, Case 2. 
 
Figure 6.14—Comparison of pressure versus radius profile with the output from 
the numerical simulation for BU3, Case 2. 
Then using the same approach, the velocity-dependent relative permeability 
data were calculated for the three buildup periods, it was noted that the 𝑘"4 
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discrepancy in terms of condensate bank extent was still apparent for the 
buildup associated with the high flow rate (50 MMscf/D), which is the first 
buildup in this case (Figure 6.15).  That is, the 𝑘"4 data at the end of the 
condensate bank does not match the simulation output.  However, the overall 
trend of the calculated relative permeability for the all the three buildups show 
a good agreement with the numerical simulation output data (Figure 6.15, 
Figure 6.16, and Figure 6.17). 
As for the third buildup (Figure 6.17) associated with a lower flow rate of 30 
MMscf/D, the result show a better 𝑘"4 match, especially after about three feet, 
when compared with the numerical simulation data.  Which is similar to the 
first buildup in Case 1.  In fact, to some extent, the 30 MMscf/D for Case 2 
(third buildup in the backward scheme, Figure 6.17) was showing a better 
relative permeability trend compared to the 30 MMscf/D for Case 1 (first 
buildup in the forward scheme, Figure 6.8). 
 
Figure 6.15—Analytically calculated relative permeability compared to output 
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Figure 6.16—Analytically calculated relative permeability compared to output 
from the numerical simulation for BU2, Case 2. 
 
Figure 6.17—Analytically calculated relative permeability compared to output 
from the numerical simulation for BU3, Case 2. 
6.3.3 Discussion 
These results suggest that the value of the flow rate affects the relative 
permeability data calculated analytically.  In other words, the higher the flow 
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end of the condensate bank) for the calculated relative permeability from the 
numerical simulation output.  On the other hand, a lower flow rate (as low as 
30 MMscf/D) produces a relative permeability trend that is in a good agreement 
with output data from the numerical simulations.  However, it is also clear that 
the effect is not very significant, in the sense that the deviation is not too bad 
to the point that renders the analytical results to be obsolete.  The source of 
the mismatch, especially at the beginning of the data is not clear and might 
need further investigation.  However, this approximation of 𝑘"3 and 𝑘"4 have 
shown that such deviation does not affect the end results much.  As it will be 
shown in Chapter 7, that the relative permeabilities calculated in Chapter 5 
were used in the two-phase production data analysis that resulted in good 
permeability estimation.   
Rate sequence also seems to play a minor role in the level of accuracy.  The 
different rate sequence between the two tested cases, one being forward and the 
other being backward, have affected the overall results, albeit slightly, as well.  
In both cases, the resultant relative permeabilities data are satisfactory–i.e. can 
give good results when used in two-phase analysis techniques.  There seems to 
be no clear advantage of one sequence scheme over the other. 
6.4 Conclusion 
The results presented above are practically appealing regarding the ability to 
calculate relative permeability analytically for multi-rate tests of short 
durations.  It highlights how flow rate can influence the analytical approach of 
calculating relative permeability data, less so with the pressure versus radius 
profile.  At the same time, it shows that any deviation from the actual data is 
not significant, specifically noting that such relative permeability data as a 
function of pressure are needed to be used (e.g. for two-phase pseudo-pressure 
calculations). 
In addition, it confirms how the different design sequence can affect the results.  
As the backward scheme of the same flow rates gave better overall results 
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compared to the forward scheme.  The earlier results by the HWU-GCR team 
had suggested that forward isochronal tests are better for gas condensate two-
phase skin estimation.  However, from the above findings, the backward scheme 
did give better results in terms of analytical relative permeability calculation 
for the rich gas condensate scenario.  This is useful outcomes that need to be 
considered when designing multi-rate tests. 
The calculated relative permeability data from multi-rate tests can potentially 
be used for other applications, such as two-phase production data analysis using 
pseudo-pressure and pseudo-time functions.  Another potential benefit of 
having relative permeability data at different rates is that they can potentially 
be used to generate core exponents through multi-regression package of the 
correlations available in the literature and major reservoir simulators for 
expressing the coupling and inertial effects as an alternative to the expensive 
and demanding lab-based measurements of different relative permeability 




 Two-Phase Production Data 
Analysis using Velocity-
Dependent Relative Permeability 
7.1 Introduction  
Production data analysis is a valuable tool for reservoir engineers to evaluate 
well performance and reservoir quality.  Traditionally, decline curve analysis 
was used for production performance forecasting, but with the introduction of 
modern production analysis techniques, it also became possible to estimate 
reservoir parameters such as permeability, skin and drainage radius from 
production data.  However, most available production analysis techniques rely 
on the assumption of single-phase Darcy flow, which is not very accurate if 
applied to two-phase gas-condensate systems.  In other words, applying these 
single-phase-based techniques to two-phase gas-condensate reservoirs would 
give erroneous results, such as permeability estimation being lower than 
absolute permeability. 
Johnson and Jamiolahmady (2016, 2017) used an equivalent-phase approach 
for production data analysis.  The equivalent-phase concept was originally 
introduced for other applications by Jamiolahmady et al. (2007).  Such a 
technique allows the single-phase based theory to be used for the multi-phase 
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conditions.  They tested several scenarios to demonstrate under what 
conditions, an equivalent-phase approach is necessary to improve the analysis 
results for the two-phase gas-condensate production data.  Their proposed 
method uses the Blasingame type-curves (Palacio & Blasingame 1993) for 
variable rate and pressure scenarios.  In their approach, relative permeability 
data is needed for the calculation of the two-phase pseudo-pressure.  The 
proposed method in Johnson and Jamiolahmady (2017) relies on the availability 
of base relative permeability data—which is assumed to have been obtained 
from a core lab experiment. 
In this chapter, the goal is to suggest the use of the proposed analytical method 
of calculating relative permeability, as shown in Chapter 5, in the two-phase 
production data analysis.  The technique proposed by Johnson and 
Jamiolahmady (2017) will be used to analyse the production data presented in 
this chapter.  To demonstrate the applicability of the calculated relative 
permeability data, multiple cases of production data were analysed with varying 
rock qualities in section 7.5, and the applicability of relative permeability data 
were verified by obtaining a correct value for formation permeability in all the 
cases analysed here.  In addition, one of the main findings in this chapter is an 
iterative procedure, using both well test and production data, to obtain the 
formation’s absolute permeability (discussed in section 7.8).  The iterative 
method is explained with three different cases to demonstrate and validate its 
applicability.  The two-phase production data analysis sensitivity to velocity 
effects and production rate are also investigated. 
7.2 Benefits 
There are two direct benefits in applying the analytical velocity-dependent 
relative permeability calculation method, as described in Chapter 5, to 
production data analysis based on two-phase pseudo-pressure techniques. 
The first is if velocity effects are assumed to be not significant, such as in very 
low permeability reservoirs, then using the method proposed by this thesis will 
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provide relative permeability data as a function of pressure that should 
represent the base relative permeability, thus, it removes the need to conduct 
a demanding and expensive core-flooding lab experiment to obtain base relative 
permeability data, which is a function of saturation.  As a result, the lab-based 
relative permeability data will need to be correlated to pressure.  One of the 
most common methods, to correlate the relative permeability data to pressure, 
proposed in the literature is by using the steady-state relationship between 
relative permeability as a function of saturation and reservoir properties (Jones 
& Raghavan 1988) as discussed earlier in sections 2.2.5 and 5.5.2. 
On the other hand, if velocity effects are assumed to be significant, then 
utilising the proposed method becomes more important.  As lab-based base 
relative permeability data, even if available, do not account for inertia and 
coupling, while the calculated relative permeability from well testing would 
inheritably capture velocity effects.  That means, even if base relative 
permeability data as a function of saturation are available, using it for two-
phase analysis would be insufficient, as the changes in relative permeability due 
to inertia and coupling are ignored.  It has to be added that relative 
permeability affected by coupling and inertia can be measured in specialised 
lab like HW-GC lab, but they are costly and demanding. 
Furthermore, the proposed method can also be beneficial when used in an 
iterative process to obtain formation permeability, when absolute permeability 
is unknown.  
7.3 Method 
The production analysis method used in this chapter is based on the work 
presented by Johnson and Jamiolahmady (2017).  In their work, the focus was 
on low permeability reservoirs (below 0.1 mD), but the scope of this thesis 
covers higher permeability gas-condensate reservoirs.  As a result, the 
equivalent-phase analysis technique proposed in their work will also be 
validated in this thesis for higher permeability gas-condensate reservoirs. 
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The production data is generated from a numerical simulation model, 
ECLIPSE, and then analysed based on the type-curve analysis technique as 
presented by Palacio and Blasingame (1993).  However, it has to be added that 
the material balance pseudo-time (Equation 7.1) is based on the equivalent 
phase viscosity and compressibility that account for the presence of condensate 
phase.  That is, the material balance pseudo-time in Palacio and Blasingame 
(1993) accounts only for single-phase gas flow.  Johnson and Jamiolahmady 
(2016) proposed a modified pseudo-time function, 𝑡Ã̅,6(, using equivalent-phase 
approach to account for both phases, gas and condensate (Equation 7.1).  The 
idea is that the equivalent phase allows the use of the single-phase type curves 
and related parameter estimation equations in the analysis of production data 








 𝑑𝑡         (7.1) 
where 𝜇3 and 𝑐3 are gas viscosity and compressibility at initial conditions, 
respectively.  𝜇6( and 𝑐6 are the equivalent-phase viscosity, and total 
compressibility at average reservoir pressure, ?̅?, respectively.  
The equivalent-phase viscosity (Equation 7.2) as described by  Johnson and 
Jamiolahmady (2017) and Johnson (2018), which is based on the assumption 
that the mass flow rate of the equivalent phase is equal to the sum of the mass 
flow rates of the individual phases.  It is only used when pressure is below dew 









           (7.2) 
and total compressibility is the combination of two-phase compressibility and 
formation compressibility, 
𝐶6 = 𝐶6( + 𝐶7           (7.3) 
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where 𝜈 is the total molar volume and 𝜐 is the vapour mole fraction, which is 
obtained from a CCE test. 
Then based on the type-curve analysis technique presented in Palacio and 
Blasingame (1993), the pseudo-pressure and rate function, ` e
(^N(Ó
f are 
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where the pseudo-pressure drop is defined as: 
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Once all the plotting functions are calculated, then a plot is constructed where 










 are plotted 
versus the horizontal axis of material balance pseudo-time 𝑡&̅Ã. The plot is then 
matched against the type-curve, and a match point is used to compute the 
formation parameters. 
In this thesis, the primary focus is to quantify reservoir permeability, as the 
obtained formation permeability from the match point (Equation 7.9) is 
compared with the absolute permeability input to the numerical simulator, 
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     (7.9) 
It has to be added that in the two-phase pseudo-pressure calculation the use of 
base relative permeability might not be a problem if velocity effects are 
negligible—e.g. in very tight reservoirs but, nevertheless, the calculation 
requires the base relative permeability to be available.  However, for the 
reservoirs studied here, i.e. the gas-condensate reservoirs with higher reservoir 
permeability, velocity effects cannot be assumed negligible.  Hence, using lab-
measured base relative permeability data will not be helpful even if they are 
available. 
This is where the method of calculating, analytically, the velocity-dependent 
relative permeability data that, was proposed in Chapter 5, comes into play. In 
other words, in this chapter, the relative permeability data is obtained for the 
reservoir in question using the proposed analytical method and then used in the 
two-phase pseudo-variables computations to analyse the production data.  As 
a reminder, the analytically calculated relative permeability data are a function 
of pressure; hence, they can be directly used for the two-phase pseudo-variables 
computation as long as the pressure range of the test period is compatible with 
the pressure range prevailing for the production data. 
7.4 Reservoir Model and Design 
In this chapter, the numerical simulator ECLIPSE was utilised to study the 
application of analytically calculated relative permeability in production data 
analysis for a single well in a homogeneous radial system.  The reservoir model 
used is Model 4 (Table 3.1), which is set to a single layer of 70 feet, and 100 
grids in the radial direction.  A distinct set of rocks were tested taking into 
consideration changes in porosity, permeability and base relative permeability 
behaviour.  Three rocks were considered for this analysis, RC1 with two 
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permeability variations, RC6 and TC11 (Table 3.2).  The same binary rich fluid 
was also used (Table 3.7). 
The initial reservoir pressure was 5500 psi.  Initially, the production data was 
designed to have a cap production at the beginning governed by a fixed BHP.  
The idea was to unify the flow rate in both the well test data and production 
data, at least for the early data points.  However, this measure will not be 
necessary as will be shown later that the results are not too sensitive to flow 
rate; in other words, having different flow rates for the well test data and 
production data did not generate a significant error. 
In order to conduct the analysis, few design considerations need to be 
acknowledged:  
1. Production data are generated for scenarios whereby reservoir pressure 
drops below dew point pressure to create two-phase flow conditions.  
Otherwise, the single-phase approach can be applied. 
2. On the other hand, the pressure buildup test must be within the range 
of the pressure values generated in (1) for the calculated 𝑘"(𝑝) to be 
applicable. 
3. At the same time, the pressure test must also be dropping below the 
dew-point to have the calculated relative permeability data for two-phase 
conditions. 
4. For velocity effects to be considered, VELDEP keyword needs to be 
activated in both well test and production data numerical simulation.  
Having the keyword active in one will yield incompatible behaviour.  
7.5 Results 
Several cases were established (Table 7.1), and then further variations were 
analysed for verification and troubleshooting purposes, as they will be discussed 
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in detail in the next section.  In this section, the results of each case will be 
discussed.  In each case, the production and the well test conditions used to 
generate the data are explained, in addition to the type-curve match plot and 
the computed permeability. 
Case # Rock Permeability (mD) Inertia and Coupling 
1 RC1 1 Inactive 
2 RC1 10 Active 
3 RC6 23.4 Active 
4 TC11 11.1 Active 
Table 7.1—Different cases used for two-phase production data analysis using the 
calculated relative permeability from well test data. 
7.5.1 Case 1—Low Permeability and No Velocity Effects 
As a start, since the work done by Johnson and Jamiolahmady (2017) is based 
on low permeability reservoirs, the RC1 rock with low permeability of 1 mD 
and reservoir Model 3 (Table 3.1) was considered, with no velocity effects 
(inertia and coupling are deactivated in the numerical simulator for both 
production data and well test data).  The goal for this case was to verify if the 
suggested workflow concept works before adding other factors, such as velocity 
effects or higher permeability values.  That is if the analytically calculated 
relative permeability from well test buildup can be used for two-phase pseudo-
pressure in analysing the production data. 
The procedure of this and the following exercises consists of the following steps: 
A well test buildup was simulated, and the pressure versus radius profile was 
calculated; then the pressure gradient was used to calculate relative 
permeability as a function of pressure analytically.  Production data were also 
simulated and exported from the numerical simulator, then two-phase pseudo-
time and pseudo-pressure were calculated using the relative permeability data 
obtained earlier.  The  pseudo-pressure and rate function ` e
(^N(Ó
f, its integral 
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and its derivative were then calculated and plotted against Blasingame’s type-
curve (Figure 7.1). 
 
Figure 7.1—Type curve match for Case 1 without inertia and coupling. 
From Figure 7.1, a match point was selected, and Equation 7.9 is used to 
calculate formation permeability.  The permeability obtained for this case was 
1.1 mD which corresponds very well with the original input value of 1 mD. 
This case shows that the proposed approach of calculating relative permeability 
from well test data would sufficiently work in the two-phase pseudo-pressure 
to analyse production data, without the velocity effects, namely inertia and 
coupling which are important to consider, as will be shown in the next case. 
7.5.2 Case 2—Higher Permeability with Velocity Effects 
In this thesis, the argument is to honour velocity effects when it comes to gas-
condensate reservoirs; thus, it is vital to consider it and show how it can affect 
the analysis outcome.  As a result, for Case 2, the same rock, RC1, was used 
but the permeability was set to a higher value, 10 mD, but more importantly, 
Chapter 7: Two-Phase Production Data Analysis using Velocity-Dependent Relative Permeability 
 137 
both inertia and coupling were active in the production data and the well test 
data simulations.  Reservoir radius has been extended to 6000 ft, due to the 
formation relative high permeability (Model 4) to ensure sufficient production 
data are available for analysis. 
Initially, the case was analysed without any velocity effect, to make sure that 
increasing the rock permeability does not introduce any analytical challenges 
to the workflow.  That is, no velocity effects were introduced in both the 
simulated well test data used for the relative permeability calculation, and the 
simulated production data.  By matching the data to the type curve for RC1, 
with 10 mD and no inertia and coupling, the results were good, with 
permeability estimated as 10.9 mD (Figure 7.2). 
 
Figure 7.2—Type curve match for Case 1 without inertia and coupling. 
After that, both inertia and coupling were activated, and the production data 
were re-analysed.  Similar to the previous case, relative permeability data were 
calculated based on the well test buildup data and used to carry out the two-
phase pseudo-time and pseudo-pressure calculations.  Figure 7.3 shows the 
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type curve match.  With the match point coordinates, the permeability was 
calculated to be 10.3 mD which shows excellent agreement with the absolute 
permeability of 10 mD. 
 
Figure 7.3—Type curve match for Case 2 with inertia and coupling. 
It can be observed that velocity effects are apparent in the log-log pressure 
derivative data.  The condensate region in the case where inertia and coupling 
are active have a lower flow capacity (Figure 7.4) of 1.83 mD compared to 
the case where inertia and coupling are inactive (Figure 7.5) whereby it was 
7.9 mD, showing that positive coupling improved the relative permeability of 
the gas. 
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Figure 7.4—Single-phase transient pressure analysis for Case 2 without inertia 
and coupling used in relative permeability calculation. 
 
Figure 7.5—Single-phase transient pressure analysis for Case 2 with inertia and 
coupling used in relative permeability calculation. 
1.83 mD 
7.9 mD 
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7.5.3 Case 3—RC6, Different Rock with 23.4 mD and Velocity 
Effects 
In this third case, the aim is to get similar excellent results for a much higher 
permeability rock of the RC6 with 23.4 mD (Table 3.2).  Similar to Case 2, 
reservoir Model 4 (Table 3.1) was used to generate the pressure buildup data 
and the production data. 
The pressure derivative data from the buildup were analysed, and the pressure 
versus radius profile was calculated, then relative permeability data as a 
function of pressure were computed for the given pressure range.  The 
production data were then analysed using the type-curve technique (Figure 
7.6), and a match was obtained.  The formation permeability calculated from 
the match point was 23 mD which agrees very well with the input absolute 
permeability of 23.4 mD. 
 
Figure 7.6—Type curve match for Case 3 with velocity effect active. 
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In both cases, Case 2 and Case 3, where velocity effects were considered, the 
results were excellent. 
7.5.4 Case 4—TC11, Different Rock and Different Base kr Behaviour, 
with Velocity Effects 
For this case, a different rock, TC11 (Table 3.2) was considered.  The choice 
for this rock is due to its distinct base relative permeability behaviour compared 
to the RC rocks studied earlier (Table 3.4). 
The procedure is the same; that is, a new set of relative permeability data are 
calculated for a given pressure buildup test, and the corresponding two-phase 
pseudo-time and pseudo-pressure are calculated.  The production data are then 
simulated and analysed using the two-phase approach with the calculated 
velocity-dependent relative permeability from the well test data.  As noted, 
following this procedure, an excellent match was obtained in the type-cure 
analysis of the production data (Figure 7.7).  Permeability calculated from 
the match point was 11.2 mD which agrees well with the absolute permeability 
input of 11.1 mD. 
 
Figure 7.7—Type curve match for Case 4 with velocity effect active. 
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7.6 Sensitivity of Production Data Analysis to Velocity 
Effect 
In this exercise, the aim is to showcase how sensitive the analysis results are 
when velocity effects are not considered in the relative permeability data.  That 
is, when base relative permeability data, obtained from the lab, that do not 
take into account inertia and coupling are used in a gas-condensate production 
data that are affected by such velocity effects.  Theoretically, the base relative 
permeability data would not be compatible in the sense that it lacks such an 
additional modifier due to the flow dynamics near the wellbore. 
To investigate this, the TC11 rock of 11.1 mD was used, and the production 
data were generated with velocity effect (both inertia and coupling, denoted by 
IC) by activating the “VELDEP” keyword using the lab-obtained velocity 
parameters specific for TC11 rock.  On the other hand, the well test pressure 
buildup data were simulated without velocity effects. In other words, no 
modification to the base relative permeability data used in the numerical 
simulator generating the well test data.  The relative permeabilities as a 
function of pressure were then calculated and used to compute the two-phase 
pseudo-time and pseudo-pressure, and the production data were analysed using 
the type-curve technique.  The resultant formation permeability is 16.3 mD, 
which is 47% more than the absolute permeability of 11.1 mD. 
This result confirms that proper relative permeability data are essential in order 
to meaningfully analyse the production data using the proposed method 
presented in this thesis.  In other words, when velocity effects are important, 
using lab-based relative permeability data is not sufficient, as it lacks the effect 
of velocity triggered under gas-condensate two-phase flow conditions; making 
it unreliable to predict reservoir parameters using the two-phase pseudo-
pressure. 
To further verify the role of inertia and coupling, the production data were 
analysed twice where only one velocity effect was active and considered in the 
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relative permeability data at a time.  For example, inertia was set to be active 
and coupling inactive (IX) in the well test build up data used to calculate the 
relative permeability as a function of pressure.  The relative permeability data 
were then used to analyse the two-phase production data (which has both 
inertia and coupling active, IC).  This was followed up with another case where 
inertia was inactive, and coupling was active (XC) with the relative 
permeability data used, again, to re-analyse the production data. 
In the first case, where only inertia was considered, the estimated formation 
permeability from the production data analysis was 16.3 mD which is far away 
from the absolute permeability of 11.1 mD.  In fact, it is the same as if both 
velocity effects were not included in the analysis, whereas when only coupling 
was active, the estimated formation permeability from the production data 
analysis was 10.9 mD which is only 1.8% off the absolute permeability.  In other 
words, the results where the coupling only was the active was very close to the 
case where both inertia and coupling were active.  This again shows that, for 
the case considered, coupling has a much more dominant effect than inertia. 
7.7 Sensitivity of Production Data Analysis to Flow Rate 
In this section, an investigation on how vital the flow rate compatibility 
between the well test data and the production data is, given that the analysis 
method relies on relative permeability from well test buildup data.  In other 
words, if velocity effects are important, what would happen to the analysis 
results if the flowing rates in the well test data where relative permeability is 
obtained are not the same as the flowing rates in the production data. 
Rate sensitivity analysis was performed using the TC11 rock properties.  As 
will be shown below, at various flow rates for the well test data, the production 
data analysis will always give reliable results, as long as velocity effects are 
taken into account in the calculation of the relative permeability.  Three rate 
variations were tested (Table 7.2).  In the first case, both the constant 
production flow rate in well test and cap production rate in the production data 
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analysis exercise was 10 MM scf/D— i.e. no discrepancy in flow rate between 
the two, at least for the period of fixed rate in the production data.  This 
scenario resulted in a permeability estimate from the type-curve match to be 
11.2 mD (as presented in section 7.5.4).  In the second case, the gas flow rate 
for the well test exercise was set at 20 MM scf/D, which is double the cap rate 
of 10 MM scf/D for the production data analysis exercise.  For this scenario, 
the permeability estimate from the production data analysis is 10.6 mD, which 
is not far off from the absolute permeability (11.1 mD).  For the third case, the 
flow rate of the well test data was set at 50 MM scf/D, 5 times the cap flow 
rate of the production data analysis exercise; but again, the permeability can 
still be estimated within a reasonable error (10.6 mD). 
 1 2 3 
WTA rate (MM scf/D) 10 20 50 
PDA cap rate (MM scf/D) 10 10 10 
ΔQ 0 10 40 
k estimation, PDA 11.2 10.6 10.6 
Error vs. k(input) (%) +1 -5 -5 
Table 7.2—Variation in flow rate between production data analysis and well test 
data interpretation exercises. 
The exercise was repeated using the same rock; however, this time, the absolute 
permeability was increased to 50 mD.  Doing so, required higher gas flow rates.  
In other words, the cap flow rate for the production analysis was increased to 
40MM scf/D, and the sensitivity of well test flow rate was checked against that 
number at four different variations (40, 55, 80, and 110MM scf/D).  Analysing 
the production data again did not show any apparent trend, i.e. the agreement 
between estimated absolute permeability from production data analysis and 
input to simulator (Table 7.3). 
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 1 2 3 4 
WTA rate (MM scf/D) 40 55 80 110 
PDA cap rate (MM scf/D) 40 40 40 40 
ΔQ 0 15 40 70 
k estimation, PDA 48.44 48.44 48.44 48.44 
Error vs. k(input) (%) -3.1 -3.1 -3.1 -3.1 
Table 7.3—Variation in flow rate between production data analysis and well test 
data for the same rock but with a higher permeability of 50 mD. 
This shows that rate change is not important as long as velocity effects are 
considered in the relative permeability data.  That is, regardless of what the 
flow rate is in the well test data, the permeability predictions are satisfactory. 
7.8 Iteration Process to Obtain Absolute Permeability 
7.8.1 Introduction 
One of the main findings of this chapter is an iterative process to estimate 
reservoir permeability from well test data and production analysis.  When the 
relative permeability as a function of pressure is calculated from the well test 
data, the assumption is that absolute permeability is available.  Reservoir 
permeability can usually be obtained from a well test analysis of previous tests 
or nearby wells, or from other sources such as production logs and core analysis.  
However, here it is proposed to be estimated by an iterative process using both 
well test data and production data. This will be extremely helpful in the case 
where permeability is not available or if the value is uncertain. 
7.8.2 Iteration Method 
The premise of this technique is to utilise both well test and production data 
in an iterative process to converge to the correct permeability value.  This 
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iterative process begins with the well test pressure transient analysis, to 
calculate relative permeability as a function of pressure, as presented in Chapter 
5.  At this stage, the relative permeability calculation needs to start with an 
initial guess of 𝑘 value as an input.  The starting point of the guessed absolute 
permeability value can either be higher or lower than the actual permeability, 
which is assumed to be unknown.  It was found that starting with a higher 
value than the actual unknown value gives a faster convergence while starting 
at lower value takes longer to converge.  In reality if permeability is unknown, 
it would be unknown if the initial input value is below or above, which is why 
both cases have been considered here. 
The calculated relative permeabilities data are then used to calculate the two-
phase pseudo-time and pseudo-pressure data which is used in the two-phase 
analysis of the production data.  The estimated reservoir permeability from the 
type-curve match will likely be different from the absolute permeability used 
at the start of this first iteration.  The new value computed from the production 
analysis is taken back to the first stage of relative permeability calculation, and 
a new set of relative permeability is generated based on the new permeability 
value of the first iteration.  Production data is then re-analysed with the 
updated relative permeability data, and a new value of permeability is 
computed.  This process is repeated until there is no significant change in the 
permeability obtained from the production data analysis in two subsequent 
iteration steps.  The aim is to have a permeability value with an accuracy of 
±5% compared to the absolute permeability. 
A summary of the iteration workflow is presented below and in Figure 7.8: 
• Start with an initial guess of k value as an initial input, called 
(ki), for iteration #1 (it1), to calculate relative permeability data 
analytically from well test data. 
• Use relative permeability data calculated analytically from it1 to 
analyse the production data. 
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• Compute k from the production data type-curve match, which is 
called kout. 
• Make ki = kout to re-calculate the relative permeability data from 
the well test buildup; this is it2. 
• Use the new relative permeability data from it2 to re-analyse the 
production data and compute a new permeability value, kout. 
• Repeat until there is no further improvement in the computed 
permeability from the two subsequent iterations; i.e. kout = ki. 
 
Figure 7.8—A visual map of the iteration process to obtain formation 
permeability. 
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7.8.3 Iteration Case 1 
Case 1 is set-up with no velocity effects with the RC1 rock of 1 mD 
permeability.  In this exercise, the assumption is that the absolute permeability 
value is unknown, and an initial input of 10 mD was used for iteration #1.  
Relative permeability data as a function of pressure was obtained and used to 
analyse the production data.  Formation permeability was computed to be 4.8 
mD from the first type-curve match.  For iteration #2, a new set of relative 
permeability data was calculated based on 4.8 mD, instead of 10 mD, and the 
production data was re-analysed, and a permeability of 3.3 mD was computed 
in the second round of production data analysis. 
It can be observed that the trend of permeability estimation is downward, 
towards the true absolute permeability value of 1 mD.  Multiple iterations were 
run until there was no further improvement in the obtained permeability from 
production analysis–which was at iteration #13 for this case with an error of 
4% compared to the absolute permeability used in the numerical simulator. 
Table 7.4 shows the progress of each iteration, with input permeability (for the 
analytical relative permeability calculation presented in Chapter 5) and output 
permeability (from the production data analysis using the equivalent-phase 
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 Iteration k(input) k(output) 
  WTA PDA 
Start it1 10 4.8 
 it2 4.8 3.3 
 it3 3.3 2.2 
 it4 2.2 1.84 
 it5 1.84 1.79 
 it6 1.79 1.67 
 it7 1.67 1.48 
 it8 1.48 1.35 
 it9 1.35 1.25 
 it10 1.25 1.15 
 it11 1.15 1.1 
 it12 1.1 1.04 
End it13 1.04 1.04 
Table 7.4—Progress of iteration to estimate reservoir permeability for Case 1. 
7.8.4 Iteration Case 2 
Next, to verify the iteration process, another case was considered, this time 
with a higher permeability rock, the RC6 (23.4 mD) and both velocity effects 
were active. 
For extreme measures, the initial input was set at 100 mD, which resulted in 
kout of 35.7 mD from the production analysis for iteration #1.  The trend, again, 
was downward towards the actual value for RC6’s absolute permeability.  The 
same process was carried on for 6 iterations (Table 7.5) until there was no 
further change in the estimated permeability value from the production 
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 Iteration k(input) k(output) 
  WTA PDA 
Start it1 100 35.7 
 it2 35.7 30.3 
 it3 30.3 26.6 
 it4 26.6 24.2 
 it5 24.2 23.6 
End it6 23.6 23.6 
Table 7.5—Progress of iteration to estimate reservoir permeability for Case 2–
using a high starting point. 
In both previously mentioned cases, the starting point was a permeability value 
that is higher than the actual value.  To verify that the procedure always works, 
a lower starting point needed to be tested too; that is an initial permeability 
value for iteration #1 that is lower than the absolute permeability.  As a result, 
for the same rock, an initial permeability input of 0.1 mD (versus 100 mD) was 
used.  The same iteration process was carried out by generating various relative 
permeability data to be used in the production data analysis, the fist iteration 
resulted in permeability output of 0.12 mD.  This shows that the process, 
although taking an upward trend towards the real value of 23.4 mD, is much 
slower than when the initial input is higher than the actual value.  After many 
more iterations (Table 7.6), no further improvements were obtained at iteration 
17, with permeability value of 23.6 mD which agrees very well with the actual 
absolute permeability of 23.4 mD.  Due to the slow iteration process with the 
upward trend, few iteration stops were jumped between iteration 8 and 9.  That 
is, the author would arbitrary increase k(input) relative to what was obtained 
in iteration 8 in order to speed-up the iteration process.  If the chosen value 
was higher than it should be, then the production data analysis would give a 
lower value, switching the convergence trend downward, instead of upward (as 
seen with the extra “Check” iteration at the end).  Otherwise, the iteration 
would converge upward towards the absolute permeability.  This step is not 
necessary as it was only used due to the slow iteration process.  It is noted that 
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the increment in k(output) is very small, but still increasing with around 10-
20% difference compared to the input value.  In addition, the absolute 
permeability in this case is known, and this upward trend iteration was done 
to just verify if both iteration starting point (a higher initial point, and a lower 
initial point) would converge to give the right permeability value. 
To further verify that this iteration process works well, as a checking point, a 
higher value was used after the iteration converged to 23.6 mD.  A permeability 
of 28 mD used as an input that gave a permeability of 26.6 as an output, which 
indicates a downward direction is forced towards the true absolute permeability 
value. 
 Iteration k(input) k(output) 
  WTA PDA 
Start it1 0.1 0.121 
 it2 0.121 0.14 
 it3 0.14 0.16 
 it4 0.16 0.18 
 it5 0.18 0.2 
 it6 0.2 0.24 
 It7 0.24 0.28 
 It8 0.28 0.30 
 It9 10 11 
 It10 11 13 
 It11 13 14 
 It12 14 15.14 
 It13 15.14 17 
 It14 17 18.2 
 It15 18.2 20.6 
 it16 20.6 23.6 
End It17 23.6 23.6 
Table 7.6—Progress of iteration to estimate reservoir permeability for Case 2–
using a low starting point. 
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7.8.5 Iteration Case 3 
As the last case to test this method, Case 3 was set up using the TC11 rock 
(Table 3.2) with both inertia and coupling active.  The initial input was 100 
mD, and the same iteration process was followed until no further improvement 
in the permeability estimate from production data analysis was observed, which 
was at iteration #7 (Table 7.7) with permeability value of 11.5 mD (an error 
of 3% compared to absolute permeability of 11.1 mD). 
 Iteration k(input) k(output) 
  WTA PDA 
Start it1 100 41.2 
 it2 41.2 29.1 
 it3 29.1 20.6 
 it4 20.6 16.95 
 it5 16.95 13.9 
 it6 13.9 11.5 
End it7 11.5 11.5 
Table 7.7—Progress of iteration to estimate reservoir permeability for Case 3 
using a high starting point. 
Again, for confirmation, the same case was tested with the initial starting point 
lower (0.1 mD) than the absolute permeability.  Similar to Case 2, after many 
iterations (with few jumps in between some iteration to speed up the process, 
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 Iteration k(input) k(output) 
  WTA PDA 
Start it1 0.1 0.14 
 it2 0.14 0.18 
 it3 0.18 0.23 
 it4 0.23 0.3 
 it5 0.3 0.38 
 it6 0.38 0.51 
 it7 0.51 0.73 
 It8 0.73 1.03 
 It9 1.03 1.33 
 It10 1.33 1.82 
 It11 9 10.3 
 It12 10.3 11.5 
End it13 11.5 11.5 
Table 7.8—Progress of iteration to estimate reservoir permeability for Case 3 
using a low starting point. 
7.8.6 Summary 
The exercises above show that when well test and production data are available, 
using the right techniques of analytical relative permeability calculation (which 
captures velocity effects) as a function of pressure, and the equivalent-phase 
production data analysis, the value of absolute permeability can be determined 
through an iterative process. 
It is recommended to start with a higher value, as a lower starting point can 
make the process very slow to converge.  Since absolute permeability is assumed 
to be unknown, a higher starting point can only be deduced by observing the 
analytical relative permeability data.  When the used permeability value is 
higher than absolute permeability, the resultant analytical relative permeability 
will be low (e.g. 𝑘"3 showing values lower than 1), whereas if a lower starting 
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point for permeability value is used, the analytical relative permeability will be 
very high (e.g. 𝑘"3 showing unrealistic values of more than 1). 
7.8.7 Limitations 
The presented method in this section relies on the availability of good quality 
well test and production data.  Different sources of noise can disturb the 
pressure response in well test data and therefore affect the quality of calculated 
relative permeabilities.  In addition, production data analysis requires accurate 
production rates, which are challenging to obtain in practice.  Moreover, the 
iteration process could result in an error or incomplete production-decline 
match if the pressure range for the data set used from well test data is small, 
or incompatible with the pressure range available for the production data.  On 
the other hand, this process can be long and inefficient when done manually; 
efforts to automate can be beneficial, and it will be suggested in the future work 
in section 8.2. 
7.9 Conclusion 
In this chapter, the application of calculating analytical relative permeability 
data from well test data is verified and tested on two-phase production data 
analysis techniques.  In other words, such relative permeability data as a 
function of pressure proved to be a useful tool whenever two-phase pseudo-
pressure calculation or relative permeability as a function of pressure is needed. 
It has also been shown that when velocity effects are important, but neglected 
by using base relative permeability data, the production analysis will yield 
wrong results, and the single-phase approach cannot be reliable.  When velocity 
effects in certain conditions (such as very low permeability rocks) are negligible, 
then the single-phase approaches might give satisfactory results.  However, if 
the two-phase analysis approach is to be used even for cases where velocity 
effects are negligible, then the question becomes whether the relative 
permeability data are available in the first place.  Therefore, it can be stated 
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that the analytical approach of calculating relative permeability data can still 
be useful, even if velocity effects are not important, in the case where lab-based 
relative permeability curves are not available. 
It was also shown the effect of changing flow rate is not very significant as long 
as the coupling effect, which was more dominant than inertia for the tested 
ceases, is considered. 
The findings also demonstrated how an iterative process utilising both analysis 
technique (analytical relative permeability from well test data, and equivalent-
phase production analysis) could give an excellent approximation of the 
absolute permeability.  That is, when absolute permeability is unknown, an 
initial guess of permeability is used to compute relative permeability 
analytically using the described method in Chapter 5.  Then with relative 
permeability as a function of pressure, two-phase pseudo-pressure and pseudo-
time are calculated to analyse the production data and obtain a match point.  
Which is then used to compute formation permeability.  The computed 
permeability from the production analysis will be different than the initially 
input value, which is then used to re-calculate the relative permeability data 
based on this new value.  This iterative process continues to converge, until it 
stops at a value very close to absolute permeability.  This has been shown to 
work very quickly when the initial input of permeability value is higher than 
the actual permeability of the formation (as short as 6 iterations to a maximum 
of 13 iteration, depending on the starting point).  But when a lower starting 
point for the initial input of permeability value is used, the iteration process 




 Conclusions and Future Work 
8.1 Conclusions 
The work in this thesis has shown that a combination of analytical techniques 
can be used to construct a sound framework that can be used for better gas-
condensate reservoir analysis by utilising well test data.  More specifically the 
analytical approach to estimate relative permeability data as a function of 
velocity and pressure was shown to be an excellent tool for better gas-
condensate reservoir characterisation.  During this process, and in addition to 
the ability to calculate relative permeability data analytically, a pressure versus 
radius profile can be constructed which aids in estimating condensate bank 
extent.  The thesis evaluated and emphasised on the roles of positive coupling 
and negative inertia in the two-phase flow conditions of gas-condensate systems 
as at the near wellbore the impact of high flow rates, and low IFT, which has 
been proven to be significant through this work and many others in the 
literature.  That is, the thesis demonstrated that the proposed methods that 
account for the velocity effects (positive coupling and negative inertia), is a 
suitable tool for improved management of gas-condensate reservoirs.  More 
importantly, the thesis showed and discussed one of the main applications of 
having relative permeability data as a function of pressure.  That is, the ability 
to compute two-phase pseudo-pressure and analyse two-phase well test and 
production data.  Such information is valuable and practical. 




The thesis also discussed the difference between relative permeability data 
obtained through core-flooding lab experiments and those obtained analytically 
from dynamic well test data.  That the well test data captures the actual 
mobility behaviour of both the gas and condensate phases, which would capture 
the effect of coupling and inertia.  On the other hand, relative permeability 
data obtained in the conventional lab tests usually lacks such information, and 
to obtain such information, challenging and expensive lab experiments are 
required. 
Several cases of single-phase and two-phase gas-condensate with varying rock 
properties, fluid richness, and unique base relative permeabilities were 
examined. The well test data were generated using numerical simulation which 
allowed the investigation of the individual or combined impact of relevant 
parameters to verify the reliability of the approach.   
In Chapter 4, the simulated well test pressure transient data were analysed to 
construct pressure versus radius profile, where the calculated pressure profiles 
matched those obtained from the numerical simulator. The underlying concept 
used of this method and the calculation procedure were explained in Chapter 
4.  It also highlighted the benefits of the calculated pressure versus radius profile 
in condensate bank extent estimation and, later, in relative permeability 
calculation.  It was shown that the method, originally developed for a liquid 
with small and constant compressibility can be extended to a two-phase gas-
condensation system.  The results of pressure versus radial distance were shown 
to work on different fluid richness (lean, moderate and rich gas condensate). 
In Chapter 5, the pressure versus radius gradient was used to analytically 
compute velocity-dependent relative permeability data using steady-state 
assumption and Darcy’s law.   The analytical method was described, and an 
investigation of the numerical dispersion observed in the calculated relative 
permeability data was discussed.  Several solutions to reduce data oscillation 
were examined and applied to the calculation presented in the thesis; at the 
end, it was recommended to use the smoothing tools available in well test data 




along with unique, or common fit-functions.  To validate the results, relative 
permeability with respect to radial distance, available as an output from the 
numerical simulator, was compared with the one obtained analytically from 
well test data.  The overall trend matched the simulation output, and the 
results were considered to be satisfactory, and in some cases, excellent.  Having 
velocity-dependent relative permeability data will help in both improving well 
test and production data analysis employing the two-phase pseudo-pressure 
approach as well as using such valuable data for other reservoir description and 
management purposes.  
Chapter 5 also shed light on some of the challenges and limitation of the 
suggested approach.  Wellbore storage (WBS) was considered to be a challenge 
for any well test data, and the work presented in this thesis is no different.  In 
other words, when WBS was present, it affected the quality of the relative 
permeability data obtained, but it was still possible to end up with meaningful 
results, depending on the duration of the test and the quality of the remaining 
data.  Few cases were analysed to demonstrate such a common wellbore 
behaviour.  On the other hand, one of the limitations of the proposed methods 
in this thesis was shown to be its application in horizontal wells.  Due to the 
complexity imposed by the well’s geometry and the resultants different flow 
regimes, the suggested method of calculating pressure versus radius profile and 
relative permeability data can be of limited use when the well is horizontal.  A 
case was examined to showcase the effect of flow regimes on the data and the 
overall approach, with a discussion on the reasons behind this limitation. 
In Chapter 6, the reliability of the proposed technique was also examined for 
multi-rate testing which has shorter test times and variable flow rates compared 
to single-rate testing.  Two different flow schemes were considered (forward and 
backward), and the results of pressure versus radius profile and relative 
permeability from all the buildup sequences were excellent for both schemes.  
At the same time, the results showed the effect of changing flow rate on the 
calculated relative permeability.  In other words, the higher the flow rate, the 
more deviation in the 𝑘"4 data points away from the wellbore (at the end of 




the condensate bank) for the calculated relative permeability from the 
numerical simulation output.  On the other hand, a lower flow rate (as low as 
30 MMscf/D) produced a relative permeability trend that is in a good 
agreement with output data from the numerical simulations.  However, the 
effect is not very significant, and the analytical can still be meaningful even at 
higher flow rates.  Not only flow rate values have an impact on the analytically 
calculated relative permeability data, but the rate sequence also seems to play 
a minor role in the level of accuracy.  The different rate sequence between the 
two tested cases, one being forward and the other being backward, have affected 
the overall results, albeit slightly, as well.  In both cases, the resultant relative 
permeability data were satisfactory, and no clear advantage of one sequence 
scheme over the other. 
Chapter 7 showcased one of the main important applications of using velocity-
dependent relative permeability data to improve production data analysis using 
an equivalent-phase approach where two-phase pseudo-pressure was used.  In 
this application, reservoir permeability was calculated from production data, 
using relative permeability calculated in Chapter 5, which assumed that 
absolute permeability is known.  The equivalent-phase approach, which utilises 
two-phase pseudo-pressure and two-phase pseudo-time, was explained and 
varying cases of different rock qualities were analysed, with different scenarios 
of velocity effects (i.e. in some cases they were activated, and in others 
deactivated).  The results showed an excellent estimation of reservoir 
permeability when velocity effects are considered, and on the other hand, the 
permeability estimation is overestimated when the velocity effects are ignored.  
Furthermore, a new iterative procedure was shown to provide formation 
permeability when the absolute permeability input is unknown.  The iterative 
procedure utilises both well test pressure transient data and production rate 
data.  Multiple cases were used to demonstrate the capabilities of the iteration 
method, giving excellent results compared to the input absolute permeability. 




8.2 Future Work 
The findings presented in this thesis are practically attractive.  The thesis 
discussed the theory of the proposed methods with analysis and validation using 
numerical simulation data of the two-phase gas-condensate reservoir.   Applying 
the concepts and methods discussed within this thesis to a real field data would 
be the natural step forward.  Field data comes with its own challenges and 
added complexities (for example: gauge quality, type of completion affecting 
the recorded data, heterogeneous reservoir quality).  The aim is for this work 
to be of a practical benefit and ultimately applied to a field data.   
On the other hand, further systematic sensitivity analysis can be examined, to 
define and understand what other limitations the suggested methods have–this 
could include a detailed quantification of flow rate effect and an introduction 
of other heterogeneities.  In addition, the suggested workflow (as presented in 
Figure 5.1) could systematically be further developed for well test and 
production data analysis.  Furthermore, an investigation on other applications 
for the analytically calculated relative permeability data is required—
applications such as using various relative permeability data at different flow 
rates to predict core exponents, which can be used to modify other available 
real permeability curves.  In addition to the possibility of using the relative 
permeabilities data for history matching purposes. 
Another potential future work is the automatisation of the permeability 
estimation method using well test and production data through an iteration 
process (as proposed in section 7.8).  This would be helpful to shorten the time 
required for the iteration to converge, especially when a lower starting point 




Derivation of Relative Permeability Equation 
Liquid flow is generally governed by Darcy’s law. If a constant-rate production 
is assumed, then according to Darcy’s law, the rate of flow from the formation 












The surface area of a cylinder system is defined as the circumference of circle 
(for a radial reservoir) multiplied by reservoir thickness. 
𝐴 = 2𝜋𝑟ℎ (A-3) 







































This is the general equation used for any unit system. Next, specific changes 
are made which represent the equation that is being used in this thesis for the 
type of data that is available in oilfield unit system. 
Mass rate is defined as the following: 
𝑚; = 𝜌(𝑞 ∙ 𝐵) (A-10) 




Eq. A-11 is substituted in Eq. A-9 and divided by 5.615 to convert bbl to ft3 
(see Conversion Factors Table). This is needed to keep the unit of rate, 𝑞, 



















For the gas phase flowing together with the liquid phase, we multiply Eq. A-









And for the condensate phase, we multiply Eq. A-13 with the fractional flow of 









Eq. A-14, and Eq. A-15 are then used to calculate the relative permeability of 
gas and oil, respectively. 
 
Conversion Factors 
Unit Multiplied by Approximate Conversion Factor Equals to Unit 
1 Darcy = x 1000 mD 
1 Day = x 86000 secs 
1 bbl = x 5.615 ft3 
1 m3 = x 6.29 bbl 
1 bbl = x 158987.3 cm3 
1 ft = x 30.48 cm 






Snapshot sample of the calculation of pressure and relative permeabilities versus 
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